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Abstract 

 

Carbon dioxide (CO2) flooding is one of the promising techniques for enhancing oil 

recovery through mechanisms such as dissolving, oil swelling, viscosity modification, and 

lowering interfacial tension. However, CO2 flooding faces challenges due to gas channeling 

and viscous fingering, which are caused by reservoir heterogeneity and the mobility contrast 

between CO2 and reservoir oil. These issues can significantly reduce the oil displacement 

efficiency of CO2 flooding, limiting its broader application and highlighting the need for 

CO2 mobility control techniques. Nanoparticles and surfactant-stabilized foams have gained 

considerable attention as a solution to mitigate CO2 conformance and mobility issues. The 

synergistic blend of interfacial tension reduction by surfactant and the strong adsorption of 

nanoparticles at the foam lamellae can produce foams that are significantly more stable and 

stronger in oil reservoirs than those stabilized by surfactant alone. However, the impact of 

nanoparticles on both the static and dynamic stability of traditional foams is not fully 

understood due to limited research. Therefore, this study aims to investigate the effect of 

silicon dioxide (SiO2) nanoparticles on the bulk and dynamic stability of CO2 foams 

stabilized by alpha-olefin sulfonate (AOS) surfactant. The performance of CO2 foam in both 

bulk and porous media is influenced by several factors, including pressure and temperature 

conditions, foaming agent concentrations, the presence of oil, and rock properties. Therefore, 

designing successful CO2 foam flooding for enhanced oil recovery requires a deeper 

understanding of foam performance under varying conditions, necessitating a 

comprehensive experimental and numerical study.   

Bulk static stability tests were conducted to examine the effects of surfactant 

concentration, temperatures, salinity, and nanoparticle presence on CO2 foam stability. The 

influence of oil on the stability of CO2 foam, both stabilized by surfactants alone and in 

combination with nanoparticles, was quantitatively assessed during bulk static tests and 

dynamic foam flooding experiments in porous media. Additionally, the study compared the 

performance of surfactants, either alone or synergistically with nanoparticles, as CO2 

foaming agents for enhanced oil recovery (EOR) at low and elevated temperatures. A series 

of core flooding experiments were performed on parallel core systems to assess the flow 

diversion capacity of CO2 foam stabilized by surfactants or by the combination of surfactants 
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and nanoparticles. Dynamic core flooding experiments were conducted using Indiana 

carbonate cores, including CO2 foam flooding in the absence and presence of oil with 

measured oil recovery. The results of experimental works were further employed as input 

parameters for CO2 foam simulations. Both 2D and 3D reservoir models were developed to 

conduct comparative studies between various injection scenarios, including CO2 foam 

flooding, CO2 flooding, and the co-injection of CO2 and brine. Parameters, such as gas-oil 

ratio, production oil rate, oil recovery, and oil saturation distribution over time, were used to 

assess the performance of each EOR method.  

Bulk static tests demonstrated that above the critical micelle concentration (CMC), CO2 

foam stability remained unchanged as surfactant concentration increased from 0.1 to 1%. 

This is attributed to the formation of a saturated interface when surfactant concentration 

exceeds CMC, which reduces the sensitivity of surface tension to further increases in bulk 

surfactant concentration. Bulk foam experiments demonstrated a decline in the stability of 

surfactant-stabilized CO₂ foam with increasing temperature. The addition of SiO₂ 

nanoparticles had only a marginal effect on foam properties. Increasing the oil concentration 

from 0 to 5% significantly reduced foam stability, decreasing the foam half-life by 

approximately 50% when stabilized with a 0.5 wt% AOS. Foam quality experiments 

indicated that increasing gas fractional flow resulted in higher foam apparent viscosity in 

porous media. However, when the gas fractional flow exceeded 70%, the foam viscosity 

decreased, marking the transition point between dry and wet foam regions. This value was 

selected as the optimal foam quality for further experiments.  

Similar to the bulk static tests, foam generated in porous media demonstrated low 

stability at elevated temperatures. Increasing the temperature from 40℃ to 80℃ reduced the 

surfactant-stabilized CO2 foam’s apparent viscosity from 30 cp to 20 cp in the absence of 

oil. The addition of 0.05 wt% SiO₂ nanoparticles substantially improved foam performance 

in porous media, resulting in 1.5 to 2 times higher apparent viscosities compared to the 

surfactant alone. Dual-core studies showed that CO2 foam was effective in diverting flow at 

various levels of heterogeneity, thereby improving sweep efficiency. Furthermore, CO2 

foam stabilized by the combination of nanoparticles and surfactant recovered 5% more oil 

than surfactant-stabilized foam under both low- and high-temperature conditions.  
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It is hoped that the outcomes of the laboratory work and numerical simulations in this 

research will contribute to the advancement of nanoparticle-surfactant foam applications for 

controlling CO2 mobility. These results will also provide valuable input for conducting 

reservoir simulation and offer practical recommendations for the prospective field 

application of CO2 foam EOR.  
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CHAPTER 1. Introduction and Overview 

 

1.1 Background 

Today, oil and gas are still major energy sources despite significant growth in 

renewable energy production over the past decade. Renewable energy capacity is expected 

to steadily increase because of global efforts towards a more sustainable future. In contrast, 

it was forecasted that the demand for fossil fuels will reduce from 86% to 77% by 2040 [1]. 

Even so, it was also predicted that, compared to 2013, the world consumption of oil-based 

energy will rise by nearly one-third, and oil production will reach 115 million barrels per 

day by 2040 [1]. This rise in energy demand is driven by projected annual economic growth 

of 3%. However, the exploration of new potential fossil fuel resources, such as oil and 

natural gas, is becoming technically more complicated, economically less viable, and raises 

environmental concern. In response to these challenges, maximizing oil recovery from the 

existing oil reservoirs is a key approach to meet growing energy demand while minimizing 

the environmental risks. 

CO2 injection into depleted or produced oil reservoirs is a highly effective method 

for improving oil recovery as well as minimizing the cost of CO2 storage. The efficiency of 

CO2 as an IOR / EOR solvent has been extensively proven through both experimental and 

numerical studies [2, 3]. It is estimated that CO2 accounts for about 60% of gas injection 

EOR projects implemented in carbonate reservoirs, followed by hydrocarbon gases (36%) 

[4]. The dissolving of CO2 in crude oil generates the mixture, which improves sweep 

efficiency and results in higher oil recovery [5]. Moreover, the solubility of CO2 is higher in 

oil compared to water, resulting in significant oil expansion, swelling, and viscosity 

reduction. However, CO2 flooding has inherent limitations due to the significantly lower 

viscosity compared to water and most crude oils. This leads to mobility and instability issues 

such as viscous fingering and gas channeling [6, 7]. Additionally, CO2 tends to migrate 

towards the upper part of a reservoir due to the low density, overriding the oil zone and 

resulting in poor sweep efficiency.  

Foam flooding is considered as a promising solution for controlling gas mobility and 

improving sweep efficiency during gas EOR. Foam is generated in porous media by either 

simultaneous or consecutive injection of surfactant solution and CO2 slugs or dissolving 
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surfactant in supercritical CO2 [8]. The primary mechanisms for gas mobility control by 

foam involve increasing the apparent viscosity of the injected gas and reducing gas relative 

permeability [9]. CO2 foam is particularly effective in preventing viscous fingering, 

improving sweep efficiency, and enhancing oil recovery compared to injecting CO2 or water 

or even using the WAG process [10]. In heterogeneous reservoirs, the reduction in gas 

mobility by foam helps redirect the injected fluid from high permeability to low permeability 

zones, further improving sweep efficiency [11].  

Despite its effectiveness, CO2 foam is thermodynamically unstable, which limits its 

applicability under reservoir conditions. Particularly, in a crude oil environment and harsh 

reservoir conditions characterized by high temperature, pressure, and salinity, foam tends to 

destabilize easily [12]. This leads to weak foam generation, resulting in poor sweep 

efficiency. To improve CO2 foam stability, several methods such as adding surfactant, 

polymer, and nanoparticles have been investigated [13]. Previous research showed that 

surfactant increases foam lifetime and stability, improving macroscopic and microscopic 

sweep efficiency, which leads to higher oil recovery. Moreover, surfactant alters wettability, 

reducing capillary forces and accelerating oil flow [14]. However, under harsh reservoir 

conditions, surfactant is prone to degradation, which limits its ability to maintain foam 

stability for a long time [15, 16]. Additionally, surfactants tend to adsorb onto the rock 

surface, requiring continuous supplementation of surfactants, which makes foam 

stabilization costly [17].   

Recently, using a mixture of surfactants and nanoparticles for foam stabilization, 

especially under harsh conditions, has attracted great interest. The synergistic blend of IFT 

reduction by surfactants and the extreme tendency of nanoparticles to adsorb at the foam 

interface can lead to stronger foamability and greater stability than the surfactant alone [18]. 

Several previous studies have demonstrated that the mixture of surfactant and nanoparticles 

results in both high static and dynamic foam stability [19, 20]. Additionally, nanoparticles 

are solid, which helps improve the resistance of foam to high temperature, pressure, and high 

salinity [21]. Besides, nanoparticles help reduce the adsorption of surfactant onto rock 

surfaces [22, 23]. 
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1.2 Problem Statement  

One of the primary concerns in the application of CO2 foam in EOR is the adverse 

effect of crude oil on foam behavior, as well as the complexity of foam-oil interactions. Key 

factors affecting foam stability in the presence of oil are surfactant type and oil properties 

[18]. Numerous studies have examined the impact of oil presence on foam, stabilized either 

by nanoparticles or surfactants. Generally, these studies show that the presence of oil can 

destabilize the foam, deteriorating both static and dynamic foam stability [24, 25]. 

Additionally, the influence of crude oil on foam stability becomes more detrimental with 

decreasing oil density and viscosity. However, recent studies have shown that combining 

surfactant and nanoparticles significantly enhances foam stability in the presence of oil 

because of nanoparticle aggregation at the foam interface [26, 27]. Furthermore, the addition 

of nanoparticles results in a higher foam apparent viscosity than surfactant alone, further 

improving oil recovery [12]. Despite numerous studies assessing the influence of oil on the 

behavior of foam, further studies are needed to investigate the stability of nanoparticle-

surfactant-stabilized CO2 foam in the presence of crude oil.  

Foam flooding plays an important role in overcoming mobility issues in 

heterogeneous reservoirs. Previous foam flooding experiments have been mainly conducted 

using homogeneous sandpack or core samples, which make it impossible to assess the flow 

diversion ability of foam [28-30]. More recent studies used double- or triple-core holder 

systems containing core samples with various permeability to represent different scales of 

heterogeneity [31, 32]. These studies reveal that foam performance in flow diversion 

declines as heterogeneity increases. Moreover, foam becomes ineffective above a 

heterogeneity limit. This limit is significantly lower in the presence of oil compared to its 

absence, underscoring the detrimental effect of oil on foam efficiency. However, further 

studies are needed to thoroughly investigate the influence of heterogeneity on foam 

performance.  

Moreover, salinity is one of the crucial parameters. Increasing salinity or ion 

concentration negatively impacts foam stability, and previous studies have often used low 

salinity brine to mitigate this effect [29, 30]. However, typical oil reservoirs contain high-

salinity brines, making it essential to use reservoir brine in future studies to reduce 

uncertainty in field applications.  
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Overall, using the combination of nanoparticles and surfactants to stabilize CO2 foam 

is a relatively new approach; thus, it still requires further extensive study to understand the 

foam behavior under elevated temperature, various salinity, and crude oil conditions.  

 

1.3 Scope and Objectives 

This research aims to explore the potential of surfactant-nanoparticle stabilized CO2 

foam in EOR, focusing on an oil field in Kazakhstan. The primary objective of this research 

is performing static and dynamic foam experiments to assess foam characteristics under 

various reservoir conditions, such as elevated temperature, heterogeneity, and the presence 

of crude oil. The study will also compare the performance of CO2 foam stabilized by a 

combination of surfactant and nanoparticles against foam stabilized by surfactant alone. 

Thus, the main objectives of this study are as follows: 

1. Evaluate the stability of CO2 foam stabilized with alpha-olefin sulfonate (AOS) 

surfactant, with and without the addition of silicon oxide (SiO2) nanoparticles, using 

static tests. Additionally, investigate the influence of oil and temperature on CO2 

foam stability. 

2. Conduct foam flow experiments in carbonate core samples to understand foam 

flooding performance and foam behavior. 

3. Perform a comparative study to investigate the oil recovery efficiency of CO2 

foam stabilized with the surfactant-nanoparticles and surfactant alone. 

4. Determine the impact of heterogeneity on CO2 foam behavior in porous media 

in the absence of oil. 

 

1.4 Significance 

In recent years, the injection of CO2 into reservoirs to enhance oil recovery has 

attracted significant global interest as a viable and efficient carbon capture, utilization, and 

storage technique aimed at reducing greenhouse gas emissions and mitigating global 

warming. Therefore, CO2 injection into the major carbonate oil reservoirs of the Pri-Caspian 

basin is an attractive option for enhancing oil recovery while simultaneously utilizing and 

storing CO2. However, mobility and conformance issues due to the low viscosity of CO2 and 
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reservoir heterogeneity may limit its oil recovery efficiency; hence, mobility control 

techniques such as foam are recommended.  

The application of CO2 foam flooding into Kazakhstani oil fields to enhance oil 

recovery has not been extensively studied, and available information remains limited. For 

this reason, this study aims to provide the first detailed insight into the feasibility of CO2 

foam application for oil recovery in the Pri-Caspian basin. Furthermore, this research 

evaluates the use of Caspian Sea water as an aqueous phase for foam application. Given its 

regional availability and extensive use for waterflooding to enhance oil recovery from oil 

reservoirs in the Pri-Caspian basin, assessing its compatibility and performance in CO₂ foam 

systems—particularly when combined with surfactants and nanoparticles—is crucial. 

Beyond the technical aspects, CO2 foam flooding offers both economic and environmental 

benefits. From one side, this technique enhances oil recovery, increasing profitability, and 

from the other side, it enables CO2 sequestration, thereby contributing to climate change 

mitigation. 

 

1.5 Thesis structure 

Chapter 1 introduces the background of the study, outlines the key challenges in the 

field, and presents the motivation and objectives of the thesis. Chapter 2 introduces enhanced 

oil recovery methods and defines foam, including its characteristics. Chapter 3 describes the 

materials, experimental setup, procedures, and methods used for studying the foam 

characteristics and their application in EOR processes. Chapter 4 summarizes the main 

experimental results and key findings. Chapter 5 includes the results of numerical simulation 

of CO2 foam performance in EOR, using a sector model.  Finally, the conclusions of the 

thesis and recommendations for future work are presented.  
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CHAPTER 2. Literature Review 

 

2.1 The Concept of Oil Recovery 

The traditional oil recovery process includes three distinct phases: primary, 

secondary, and tertiary recovery. Primary recovery refers to the process of oil extraction and 

production utilizing natural energies stored within the reservoir. Expansion and liberation of 

reservoir fluids, such as oil, gas and water, as well as rock compaction, are the main 

mechanisms of primary recovery [33]. During this phase, reservoir pressure declines due to 

oil production, reducing reservoir energy available to force hydrocarbons trapped in the 

reservoirs to the surface.  

Once primary recovery becomes less effective, secondary recovery methods are 

employed to support reservoir pressure and increase oil production by displacing oil toward 

the production wells. The most common methods are water flooding and immiscible gas 

injection [34]. However, the estimated average recovery factor after primary and secondary 

methods is less than 30-40% of original oil in place. This is largely due to high interfacial 

tension and poor mobility control, which hinder the effective displacement of oil [35].  

The huge volume of residual oil remaining after primary and secondary recovery 

phases is a target for tertiary recovery, which is often used as a synonym for enhanced oil 

recovery (EOR) processes. The decline in new oil reservoir discoveries and the low recovery 

efficiency of conventional oil recovery methods have made the application of EOR 

techniques essential for extracting additional hydrocarbons from mature fields to meet 

growing global energy demand. EOR methods are designed to improve both macroscopic 

and microscopic displacement efficiencies, helping to recover the trapped residual oil. The 

microscopic sweep efficiency, which is described as the flow of oil at the pore level, can be 

improved by reducing capillary forces, lowering oil viscosity, and decreasing interfacial 

forces between reservoir oil and the displacing fluid. On the other hand, the macroscopic 

displacement efficiency refers to the process of sweeping the reservoir by displacing fluid 

and pushing oil toward a production well. Improving macroscopic sweep efficiency involves 

creating a more favorable mobility ratio-either by increasing oil mobility or reducing the 

mobility of the displacing fluid [36].  

 



23 
 

2.2 Enhanced Oil Recovery Methods 

EOR involves a range of techniques to extract residual or bypassed oil from 

reservoirs. These methods include mobility control, chemical flooding, miscible gas 

flooding, and thermal recovery techniques [33, 37].   

Chemical flooding often uses chemicals, such as surfactants, polymers, and alkali 

[38-40]. Surfactant flooding is implemented to reduce surface tension at the water-oil 

interface, which in turn diminishes capillary forces. Moreover, surfactants can alter rock 

wettability or induce spontaneous emulsification [41]. However, many commercially 

available surfactants used for EOR are expensive and tend to adsorb on the rock surface, 

requiring a large volume of surfactant or the use of sacrificial materials to overcome the 

retention issues, which makes their application economically unattractive. Moreover, 

surfactants often exhibit instability in high salinity brines and can partially solubilize in the 

reservoir oil, further limiting their effectiveness in EOR.  

Polymer flooding involves the injection of large molecular weight polymers into the 

reservoir, which increases the viscosity of the displacing fluid and reduces its mobility, 

leading to better sweep efficiency. Nevertheless, the implementation of polymer flooding is 

limited in harsh reservoir conditions. Polymers with high molecular weight can easily 

degrade and lose viscosity when exposed to high salinity and high temperature, making them 

less effective in such conditions [42].  

Alkaline flooding uses cost-effective alkali chemicals and their reaction with acid 

components of reservoir oil to form soap. This reaction decreases IFT between water and oil 

and reduces surfactant retention [43]. Alkaline flooding can significantly lower IFT, 

especially when crude oil has a high soap number [44].  

Thermal oil recovery methods are used to heat reservoir oil to reduce its viscosity 

and improve oil mobility. Common thermal EOR techniques include steam-assisted gravity 

drainage (SAGD), cyclic steam stimulation (CSS), and steam flooding. These methods 

involve injecting steam into the reservoir to heat the oil or using in situ combustion to 

generate heat, making the oil easier to extract.  

Miscible gas flooding describes the process of injecting gas into the reservoir that is 

miscible with the trapped residual oil and forms a single phase under suitable reservoir 
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conditions. This process effectively diminishes interfacial tension and reduces capillary 

forces, facilitating oil displacement.  

 

2.3 CO2-based-EOR 

Gas flooding is a widely used EOR technique, particularly effective for extracting 

light, condensate, and volatile oils. Methane and other hydrocarbon gases, CO2, N2, and air 

are commonly used gases in gas flooding EOR. The selection of gas type and composition 

for field application is determined by various factors, including gas availability, recovery 

mechanisms (miscible or immiscible), and economic considerations. 

CO2 flooding EOR has been successfully implemented over the last decades with 

commercial success [45]. The concept of using CO2 flooding for oil recovery was first 

proposed by Whorton et al. (1952) [46]. The first pilot test was conducted at the Mead 

Strawn Field to assess the effectiveness of CO2 injection in increasing oil recovery [47]. 

Following the success of this pilot test, CO2 flooding was implemented for the commercial 

project at the Kelly-Snyder Field in the USA [48]. Recent studies show that the injection of 

low-cost CO2 currently accounts for approximately 5% of total oil production in the USA 

[13]. It is estimated that CO2 EOR could contribute to up to 12% of total crude oil production 

in the country by 2040. In recent years, the use of CO2 in EOR has gained more interest 

because of the growing attention on environmental issues and the need to cut greenhouse 

gas emissions [49].  

 

2.3.1 CO2 Properties  

Understanding the physical properties of CO2 under various temperature and 

pressure conditions is crucial for the successful design and implementation of the CO2-based 

EOR process. The phase behavior of CO2 changes significantly depending on the pressure 

and temperature, as shown in Figure 2-1. At ambient conditions, CO2 exists as a gas with a 

specific gravity of 1.529 and a density of 1.95 kg/m3. As pressure increases, CO2 becomes 

denser and changes from gas to liquid phase. The critical pressure and critical temperature 

of CO2 are 73.9 MPa and 31.1⁰C, respectively.  

Above these critical conditions, CO2 enters a supercritical state and exhibits liquid-

like properties. In this supercritical state, the density of CO2 is similar to that of liquid, but 
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the viscosity remains relatively low (0.05-0.08 cp). Compared to gaseous CO2, the injection 

of supercritical CO2 is more favorable for EOR, because it mitigates gravity segregation, 

resulting in higher incremental oil recovery [45, 50]. Despite poor sweep efficiency due to 

low viscosity, the dissolution of supercritical CO2 into reservoir oil reduces the oil viscosity, 

thereby enhancing oil recovery [51]. 

 

 

 

 

 

 

 

 

 

Figure 2-1. Density and viscosity of CO2 at various pressure and temperature [52]. 

 

2.3.2 CO2 EOR Mechanisms  

The primary mechanisms of CO2 EOR include the following processes that enhance 

oil recovery:  

a) Reduction in IFT at water-oil interface 

Upon reaching the reservoir, the injected CO2 may dissolve in the reservoir brine, 

reducing the interfacial tension between water and oil. This reduction facilitates high oil 

production by enhancing the flow mechanism of the reservoir oil. 

b) Reduction in oil swelling and viscosity  

When CO2 contacts crude oil under reservoir conditions, it dissolves in the reservoir 

oil. This dissolution causes the oil volume to expand [45]. The swelling effect that results 

from this dissolution is beneficial for oil recovery, as it increases the mobility of residual oil. 

This enhances the relative permeability of oil; thus, oil easily flows towards a production 

well. In addition to the swelling effect, the dissolution of CO2 can reduce the viscosity of oil, 

further improving oil mobility.  
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c) Solution gas drive  

After CO2 breakthrough during injection, the reservoir pressure may drop to or below 

the saturation pressure. As a result, the dissolved CO2 in the crude oil will separate from the 

oil, generating a gas drive process that provides extra energy to displace the oil. 

d) Extraction and vaporization of the light oil fractions 

When the reservoir pressure is higher than a threshold value, light components of oil 

can be extracted and vaporized by CO2, thereby improving oil recovery. However, the 

effectiveness of this process largely depends on oil properties.  

e) Weak acid formation 

The reaction of CO2 with water forms carbonic acid, which can corrode the carbonate 

rock, altering its properties, particularly increasing rock permeability. Additionally, the acid 

helps dissolve inorganic scale, leading to higher oil production.  

 

2.3.3 Miscible and Immiscible CO2 Injection 

CO2 EOR flooding can be classified as either miscible or immiscible flooding, 

depending on the oil's characteristics, the composition of the injected gas, reservoir pressure, 

and temperature. The miscible process is generally preferred due to its potential for higher 

oil recoveries [53]. 

For CO2 flooding to be considered miscible, the reservoir pressure must be higher 

than the minimal threshold pressure, known as the Minimum miscibility pressure (MMP). If 

the reservoir pressure is below MMP, the injected CO2 will not fully dissolve in the reservoir 

oil. In this case, the CO2 and oil remain immiscible, and this condition is described as 

immiscible CO2 flooding. Even if a portion of injected CO2 dissolves into the reservoir oil 

during this process, it can promote oil swelling and viscosity reduction, which can improve 

oil mobility and enhance recovery. Additionally, immiscible CO2 flooding can form an 

artificial gas cap providing extra energy to extract the reservoir oil. 

In-situ miscibility between injected gas and reservoir oil can develop if the reservoir 

pressure exceeds MMP. There are two types of in-situ miscible displacement processes: 

First-Contact Miscibility (FCM) and Multiple Contact Miscibility (MCM). The FCM occurs 

when the entire volume of the injected gas completely dissolves into the oil upon the first 
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contact, while MCM develops gradually over multiple contacts. The MCM involves 

mechanisms such as vaporizing gas, condensing gas, or a vaporizing/condensing drive [37].  

For CO2 injection, miscibility is typically achieved through the vaporizing drive 

mechanism, where the lighter components of reservoir oil vaporize into the CO2, enriching 

it and leading to miscibility [54]. Moreover, CO2 requires lower pressure to achieve 

miscibility with reservoir oil compared to other gases such as N2 and lean gas [55].  

 

2.3.4 Challenges with CO2 Injection for EOR  

While laboratory studies show that miscible CO2 flooding can recover over 90% of 

OOIP, field-scale oil recoveries are often much lower, typically less than 20% [56, 57]. This 

discrepancy is primarily due to early gas breakthroughs and poor displacement efficiency. 

As a result, the injected gas can only sweep a small portion of the reservoir, leaving a large 

fraction of trapped oil, especially in reservoir areas not reached by the injected gas.  

Front instabilities and poor volumetric sweep efficiency are common issues affecting 

the performance of CO2 EOR. These mobility control problems are mainly due to the low 

density and viscosity of CO2, as well as the heterogeneous nature of many reservoirs [37, 

58]: 

1) CO2 and most of the gases used for EOR have a low viscosity (in the range of 

0.02 and 0.06 cp under reservoir conditions), which makes them significantly more 

mobile in porous media compared to reservoir oil (which typically has a viscosity of 

0.5 cp to 10 cp). This difference in mobility between the injected gas and reservoir 

oil can cause viscous fingering, where gas flows through more permeable zones, 

leading to poor oil displacement.  

2) The density of CO2 is significantly lower than that of reservoir fluids, which can 

result in gravity segregation. Gravity and buoyancy forces cause the less dense gas 

to rise to the top of the reservoir, while denser fluid remains at the bottom. This 

phenomenon, known as gravity override, reduces the contact between the injected 

gas and the trapped oil, particularly in the lower parts of the reservoir. 

3) The injected gas tends to flow in the direction of least resistance, just like any 

other fluid. Therefore, heterogeneous reservoirs with varying permeability can 

exacerbate mobility issues during CO2 flooding and can cause gas channeling 
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through high-permeability zones. In severe heterogeneous environments, this leads 

to the formation of “thief zones” - areas where the gas flows through the most 

permeable zones, bypassing much of the oil (Figure 2-2). 

 

 

 

 

 

 

 

 

Figure 2-2. CO2 based enhanced oil recovery process [58]. 

 

2.4 Foam CO2 Flooding  

Foam flooding is one of the effective techniques to reduce CO2 mobility and enhance 

macroscopic gas displacement efficiency. The application of CO2 foam for preventing early 

gas breakthroughs and improving the sweep efficiency of CO2 flooding was first suggested 

in the 1950s [59]. The pioneering studies and field tests performed by Mast [60] and Patton 

et al. [61] revealed that foam could be an effective approach for mitigating CO2 channeling 

and viscous fingering phenomena as well as preventing gravity override. Since then, there 

have been a number of field-scale applications using foam that are successful, as well as 

some that are not [13, 62]. 

Foam is a colloidal system in which gas bubbles are dispersed within a continuous 

liquid phase [63]. As shown in Figure 2-3, the gas phase is trapped in numerous bubbles 

inside the continuous liquid phase and separated from each other by thin liquid film known 

as lamellae. This foam structure can be created by injecting gas through a liquid phase or by 

shaking a container with both phases. In a bulk foam structure, a two-phase system 

containing water and a gas would rapidly lose its structure due to foam coalescence. 

However, the addition of surfactants or nanoparticles to the aqueous phase or CO2 can 

significantly improve the transitory foam stability [64-66].  
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Figure 2-3. Foam structure [63]. 

 

In porous media, foam helps prevent conformance and mobility control issues during 

gas flooding. Foam has a higher viscosity than gas, which allows it to reduce gas relative 

permeability and increase apparent gas viscosity [67]. Additionally, foam can efficiently 

block high-permeability zones and divert injected gas or fluid into low-permeability areas, 

improving sweep efficiency and enhancing oil recovery. Figure 2-4 illustrates the 

effectiveness of foam in improving displacement efficiency. The foam texture, including 

bubble size and the quantity of lamellae per unit volume of gas, determines the foam's 

resistance to gas flow. Smaller bubbles and higher lamellae density increase foam’s 

resistance to flow and improve its stability, positively affecting gas displacement efficiency 

and contributing to greater oil recovery.  

 

 

 

 

 

 

 

 

 

 

 

Figure 2-4. Gas flooding versus foam flooding [67]. 
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2.4.1 Foam Generation in Porous Media  

Generally, the generation of foam is governed by the formation and coalescence rates 

of gas bubbles. Foam accumulates in porous media when the formation rate is greater than 

the coalescence rate. The formation rate of foam is influenced by injection rate, pressure 

gradient, and pore geometry, such as size, complexity, and aspect ratio [58]. Foam texture, 

including bubble size, is determined by foam generation mechanisms, which affects the foam 

flow properties, and its apparent viscosity [68]. Three primary mechanisms responsible for 

foam generation in pores are leave-behind, snap-off, and lamella division [69]. 

During the leave-behind mechanism, two gas bubbles approach adjacent pore throats 

that are initially filled with surfactant solution. As gas bubbles pass around the grain between 

the pore throats, they converge together in the pore body. The procedure is demonstrated in 

Figure 2-5. During this convergence, the liquid in the pore body is squeezed with the 

bubbles, leaving behind a lamellae or liquid lens [70, 71]. This mechanism typically 

generates weak or coarse foam [72, 73]. Additionally, foam generated by the leave-behind 

mechanism tends to collapse, as the lamellae are aligned with the gas flow direction [64]. If 

the liquid phase contains enough surfactant, the lamellae remain quasi-stable; otherwise, 

they break quickly. Once the lamellae break, the spontaneous generation of new lamellae 

under the leave-behind mechanism requires delivery of surfactant solution to the pore body. 

 

 

 

 

 

 

 

 

Figure 2-5. Illustration of leave-behind mechanism. (a) gas enters the pore throat; (b) 

liquid in pore body is squeezed, forming a lamellae [69]. 

 

In the snap-off mechanism, the injected surfactant solution initially fills the pore 

body and pore throat. As the gas phase invades into the pore throat and moves into the 
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neighboring pore body, the gas bubble begins to grow, as illustrated in Figure 2-6. This 

causes the capillary pressure at pore entry to decrease, while the pressure within the throat 

and pore body remains high. This pressure difference drives the surrounding liquid from the 

pore body into the throat, forming a lens that blocks gas flow. As the gas bubble continues 

to expand, the capillary pressure at the gas-liquid interface drops below the critical value, 

causing liquid to eventually snap off and form a discrete bubble, thus making the gas phase 

discontinuous.  

The snap-off mechanism requires a high flow rate, generating enough pressure 

difference between the pore throat and the pore body. Under this condition, the surfactant 

solution can spontaneously invade into the pore throat; thus, new bubbles form repeatedly 

under the snap-off mechanism. For these reasons, it is considered as a dominant mechanism 

for foam generation in porous media [69]. Two factors affect the occurrence of snap-off: the 

ratio of pore throat size to pore body size, which must be greater than 2, and the presence of 

sufficient wetting liquid [74, 75]. Typically, the size of gas bubbles generated under this 

mechanism is around the size of pore bodies.  

 

 

 

 

 

 

 

 

Figure 2-6. The illustration of snap-off mechanism. (a) gas enters into the pore throats; (b) 

a gas bubble jumps out and form lamellae [69]. 

 

The lamella division is a phenomenon that facilitates the expansion of a moving 

lamella at a branch point, where the pore space is connected to multiple pore channels. At 

the branch point, a moving gas bubble is split, and the resulting new bubbles proceed into 

different channels as shown in Figure 2-7. Unlike the snap-off and leave-behind 

mechanisms, the lamellae division does not generate foam; instead, it leads to gas bubble 



32 
 

fragmentation, which strengthens the dry foams. However, lamellae division only occurs if 

the foam pressure exceeds the capillary pressure of each channel [76, 77].  

Similar to the snap-off mechanism, lamellae division creates gas phase discontinuity 

either by forming new gas bubbles or by the initial moving bubble. Moreover, this 

mechanism can happen repeatedly as split bubbles continuously move toward the branch 

points. The rate of lamellae division is influenced by several factors, including a number of 

mobile bubbles, the existence of a branch point and the gas injection rate [78-80].  

 

 

 

 

 

 

 

 

Figure 2-7. The illustration of the lamellae division mechanism. (a) gas enters the pore 

throat, (b) gas divided into new bubbles [69]. 

 

2.4.2 Foam Stability  

Foams are inherently unstable and will eventually collapse over time. The ability to 

sustain the stable foam state is determined by the stability of the lamellae, which means that 

when the distribution of bubbles is uniform, the lamellae are stronger and thus the foam is 

more stable [81]. The ongoing changes in foam stability are influenced by foam coarsening, 

as gas moves through the liquid lamella due to diffusion [82]. The stability of foam is 

controlled by both the properties of the foam films and petro-physical characteristics [68].  

In the absence of oil, foam stability in porous media is primarily governed by two 

mechanisms: capillary suction and gas diffusion [75]. 

Capillary suction. The schematic of the foam system is shown in Figure 2-8. Three 

adjacent lamellae at the junction form a plateau border, with each angle measuring 

approximately 120⁰. Typically, the plateau border contains the majority of liquid. The radius 

of the plateau border is significantly smaller than that of the thin liquid films, resulting in 
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lower pressure in plateau borders compared to thin liquid films. Because of this pressure 

difference, liquid in lamellae flows towards the plateau border, which further thins the film. 

This movement of liquid toward the plateau border is driven by a force known as capillary 

suction coalescence [83]. Film thinning and lamellae coalescence due to capillary pressure 

are typically more pronounced inside porous media, especially in pores with small radii, 

compared to bulk conditions. 

 

 

 

 

 

 

 

 

 

Figure 2-8. The schematic of the foam system [83]. 

 

Gas diffusion. A typical foam system may contain bubbles with various sizes. In 

such a system, small bubbles have a smaller curvature than large bubbles, resulting in greater 

capillary pressure in the former. The pressure difference between the two bubble sizes causes 

gas to diffuse from the smaller bubbles into the larger ones. As a result, over time, smaller 

bubbles disappear, and larger bubbles become more dominant. The resistance of foam to gas 

flow depends on foam's texture. When large bubbles dominate the system or there are fewer 

lamellae per unit volume of gas, there is less resistance to gas flow. However, gas diffusion 

occurs relatively slowly and has a less significant impact when foam flows through a porous 

medium [63].  

The Effect of Temperature and Pressure 

Reservoir pressure and temperature are two key factors that influence foam stability. 

An increase in temperature generally has a negative impact on foam stability. First, as the 

temperature rises, the foaming agent becomes more soluble in water, reducing its availability 

to lower interfacial tension between the liquid and gas phases. Second, high reservoir 
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temperature accelerates the rate of liquid film drainage [81]. A third consequence of elevated 

temperatures is a decrease in the critical salt concentration (CSC), below which particles 

begin to aggregate and precipitate. Consequently, when nanoparticles are utilized as foaming 

stabilizers, the lower CSC weakens their ability to stabilize the foam [84].  

In contrast, higher reservoir pressure enhances foam stability by reducing the size of 

the foam bubbles and decreasing the rate of liquid drainage. However, if the pressure goes 

above a certain threshold, it can exert additional stress on the foam bubbles, causing them to 

break [81]. 

The effect of permeability  

Oil reservoirs inherently exhibit some degree of heterogeneity, and this frequently 

includes variation in permeability. In particular, foam behavior differs significantly between 

high- and low-permeability areas. Foam tends to be less mobile in high-permeability regions 

compared to low-permeability zones [68]. When foam is injected into a reservoir with 

permeability heterogeneity, the stronger foam will be produced in the high-permeability 

regions, effectively diverting fluid flow into lower-permeability zones [85]. This process 

helps block the high-permeability layers, as foam formation reduces gas mobility, thus 

mitigating the effects of reservoir heterogeneity [86]. 

The Effect of oil  

The effectiveness of foam injection in EOR largely depends on the interaction 

between foam and reservoir oil. Foam films typically degrade upon contact with oil, which 

limits their stability. Core flood studies have shown that foam will not form in the oil 

reservoir if the oil saturation exceeds a specific threshold, known as a critical foaming oil 

saturation [87, 88]. At this saturation point, the oil breaks the gas/liquid interface by 

spreading across the foam film, displacing the initial liquid phase. [81]. This leads to the 

formation of an unstable oil film, which causes gas bubble coalescence [89].  

Despite these challenges, several studies have reported successful foam generation 

even at high oil saturations, indicating that foam stability can still be maintained under 

certain conditions [90-92]. 
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2.4.3 Foam-oil Interaction Theories  

In the literature, a number of theories have been developed to predict foam behavior 

in the presence of oil. The most well-known theories are listed below: 

1) Spreading and entering coefficients  

2) Bridging coefficient 

3) Lamella number 

Spreading and entering coefficients 

The key parameters to assess the influence of oil on foam stability are the entering 

coefficient (E), which is calculated using Equation 2.1 [74, 93]: 

 

                                          E = σw/g − σo/g + σw/o                                                 (2.1) 

 

and spreading coefficient (S) is calculated by [74, 94]:  

 

                                   S = σw/g − σo/g − σw/o                                                   (2.2) 

where σwg and σog are the surface tensions at the water-gas interface, and oil-gas interface, 

respectively, and σow is the interfacial tension at the water-oil interface. 

When the entering and spreading coefficients are negative, the foam remains stable 

in the presence of oil. However, when both E and S are positive, the oil droplet enters the 

gas-water interface, where it spontaneously spreads along the interface. This process leads 

to foam instability, such as lamellae collapse or rupture [95, 96].  

The impact of oil on the various negative and positive values of the entering and 

spreading coefficients is displayed in Figure 2-9.  

Figure 2-9. The schematic of different entering and spreading cases [74]. 
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Bridging coefficient 

Another frequently used parameter to assess the influence of oil on foam stability is 

the bridging coefficient, which is calculated by Equation 2.3 [97, 98]:  

 

                                          B = 𝜎𝑤/𝑔
2 − 𝜎𝑜/𝑔

2 + 𝜎𝑤/𝑜
2

                                           (2.3) 

 

If the spreading phenomenon does not occur, the oil droplet may enter the lamellae, 

forming a lens or bridge. This leads to foam instability even when E is positive and S is 

negative. Eventually, the lamellae are split by an oil drop into the two film surfaces and 

rupture.  

The following scenarios can be concluded from comparing the entering and bridging 

coefficients:  

• A positive B implies positive E, but the reverse is not necessarily true. Therefore, 

the bridging coefficient must be positive for the oil droplet to enter the lamellae and destroy 

it. 

• If B is negative, S will also be negative. In this case, the oil droplet does not spread 

at the lamellae surface, thus the lamellae resist film stretching and rupturing. 

It is important to note that the theories governing E, S, and B coefficients were 

developed by observing foam interactions under controlled conditions. Therefore, they 

might not accurately describe all foam behavior in oil present.  

Lamella number 

Schramm and Novosad proposed an alternative parameter to describe foam-oil 

interactions, based on the degree of oil emulsification [99]. This parameter is defined as the 

lamella number, and a simplified equation of the lamella number is:  

 

                                                         L ≈ 0.15 ∙ (
𝜎𝑤/𝑔

𝜎𝑤/𝑜
)                                                       (2.4) 

 

where 0.15 represents the ratio of the radius of the curvature of the Plateau border to the 

radius of an oil droplet absorbed by water. While all of the foams analyzed showed the same 
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value, Schramm and Novosad noted that the value could vary depending on the experimental 

setup [99]. 

The Lamella number indicates the degree of oil emulsification within the foam 

lamellae. When L<1, the foam exhibits the highest stability, as oil droplets are small and 

well-dispersed in the foam. However, when L>1, droplets are large, and as they enter the 

lamellae, they occupy nearly the entire film volume. This leads to various degrees of foam’s 

instability.     

Foams have been classified into three categories (A, B, and C) based on the degree 

of interactions with oil and their stability in the presence of oil [99]. 

Type A foams (L < 1) exhibit minimal interactions with the oil and show good 

stability.  

Type B foams (1 < L < 7) are moderately stable.  

Type C foams (L > 7) have unfavorable interactions with the oil and exhibit low 

stability.  

The three types of foam suggested by Schramm and Novosad are shown in Figure 2-

10. 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 2-10. The schematic of type A, B and C foams based on different lamella number 

[99]. 
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The lamella number was first proposed to enhance the understanding of the oil 

influence on foam in porous media. Studies by Schramm and Novosad demonstrated a good 

correlation between L values derived from the equation and foam stability in pores 

containing residual oil under low pressure and temperature [99]. However, subsequent 

studies revealed that L values poorly describe foam stability in bulk tests and porous media 

experiments [100 -102]. 

This discrepancy between calculated L values and foam behavior in oil-saturated 

porous media arises from the use of constant values of two radii of curvature (i.e., 0.15). 

Another reason is the assumption of zero capillary pressure for L calculation. However, in 

reality, the foam lamella encounters large capillary pressure in pores, which leads to 

disjoining pressure on thin film, affecting foam stability in the presence of oil. 

 

2.4.4 Foam Flow Behavior  

Understanding foam flow characteristics is crucial for evaluating the effectiveness of 

foam flooding to control CO2 mobility. The ability of foam to reduce gas mobility and 

improve its stability are critical considerations for designing successful field foam flooding 

projects. Several parameters have been proposed to assess foam behavior in porous media 

[5]. Foam efficiency is evaluated based on the following parameters: 

 

Foam quality 

Foam quality significantly influences foam flow behavior in porous media. It is 

defined as the ratio of the gas flow rate to the total of both gas and liquid:  

  

                                                fg =
Qg

Qg+Qliq
                                                            (2.5) 

 

where Fg is the foam quality, and Qg is the gas flow rate, Qliq is the liquid flow rate [68]. 

In general, foam quality represents the gas fraction in foam. Typical values for foam 

quality range from 0.75 to 0.9 [68, 81]. Foam mobility can be reduced by increasing the gas 

fraction, but only to a critical point. If the gas fraction exceeds this critical foam stability 

point, further increases in the gas fraction will no longer effectively reduce foam mobility 
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[103]. Additionally, gas bubble size plays a significant role in foam quality. Large gas 

bubbles decrease foam stability, leading to a reduction in foam quality [81]. 

 

Apparent viscosity 

The primary reason for the negative mobility ratio during CO2 EOR is the low 

viscosity of CO2. Thus, CO2 foam flooding can be an effective method to increase gas 

viscosity, improving its displacement efficiency. The apparent viscosity of foam was 

calculated by combining Darcy's law with gas permeability [104] The equation is given as: 

 

                                                    μapp =
kA∆P

qgL
                                                               (2.6) 

 

where k is the absolute permeability, A is the cross-sectional area, ∆P is the pressure gradient 

across a core plug, qg is the volumetric foam rate, and L is the capillary length. 

The apparent viscosity depends on several factors, including the flow rate, 

differential pressure, size, and distribution of bubbles [105, 106].  

 

Mobility reduction factor 

The mobility reduction factor (MRF) is used to evaluate the efficiency of foam in 

reducing gas mobility compared to the no-foam gas injection scenario. MRF is a 

dimensionless parameter that quantifies the reduction in mobility during foam flooding. 

High values of MRF indicate a strong foam generation in porous media. 

The MRF can be calculated in the laboratory by dividing the pressure drop across the 

core during foam flooding by the pressure drop measured in the absence of foam (without 

surfactant), as shown in the following equation: 

 

                  Mobility Reduction Factor (MRF) =
∆Pfoam

∆Pwithout foam
                   (2.7) 

 

2.4.5 Foaming Agents 

Pure brine and gas can be used to create foams, but they are prone to breaking easily. 

Therefore, a foaming agent is required to both create and stabilize the foam [81]. One of the 
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widely utilized foaming agents is surfactant or surface-active agents. In recent years, 

nanoparticles have gained attention as more reliable and alternative foaming agents [107, 

108].  

Surfactants  

Surfactants are frequently used to enhance both the foamability and stability of foam 

in porous media [13]. They reduce IFT by adhering to the gas-liquid interface because of 

their amphiphilic structure, which has both hydrophilic and lipophilic characteristics [109]. 

Based on the polarity of their head groups, surfactants can be divided into four main classes: 

cationic, anionic, nonionic, and zwitterionic [110] (Figure 2-11).  

Figure 2-11. (a) the schematic of surfactant molecules (b) classification of surfactant based 

on the HLB number [110]. 

 

Anionic surfactants, which have negatively charged surfaces, are particularly 

suitable for sandstone reservoirs. Their negative charge creates the repulsive force between 

the surfactant and the rock surface, reducing surfactant loss due to adsorption. Similarly, 

cationic surfactants, which have positively charged head groups, are effective for the 

carbonate reservoirs, where surface area has a positive charge. This helps minimize 

surfactant loss [37]. 

Surfactants have been widely used for enhancing the stability of CO2 foam. 

Numerous studies demonstrated that the adsorption of surfactant molecules on the gas-water 

interface increases foam lifetime and stability, while foam mobility is maintained by 
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continuous regeneration of foam lamellae within the pores, leading to better macroscopic 

and microscopic sweep efficiency [111- 113].  Additionally, surfactants have the ability to 

efficiently increase the viscosity of foam, improving volumetric sweep efficiency [103]. 

Surfactant-stabilized foam for EOR 

Numerous studies have been conducted to investigate the efficiency of surfactants in 

improving the characteristics of foam used for enhanced oil recovery. The presence of 

surfactants improves foam stability, increasing sweep efficiency and recovering more 

residual oil through saponification, and reducing IFT [114]. Sun et al. performed laboratory 

tests using sodium dodecyl sulfate (SDS) to stabilize N2 foam [115]. Their results show that 

SDS increased foam stability, with an average foam half-life of approximately 5 minutes. In 

this study, experiments using silica sandpacks demonstrated the effectiveness of SDS-

stabilized foam in improving oil recovery, with incremental oil recovery of around 12% from 

a homogeneous sandpack and 6% from heterogeneous ones. In the experiments of AlYousef 

et al. an alpha-olefin sulfonate (AOS) was used to stabilize N2 foam and improve its oil 

displacement efficiency [12]. Static foam stability tests showed a reduction in foam half-life 

from 12.5h to 3.5h upon the addition of oil. In oil displacement experiments, surfactant-

stabilized nitrogen foams achieved 6.5% OOIP incremental oil recovery following 

waterflooding.  

The research conducted by Ahmed et al. compared the effects of several commercial 

surfactants on the rheological properties of supercritical CO2 foam at 1500 psi and 80⁰C 

[116]. Their study found that AOS outperformed other commercial surfactants used in the 

study in terms of foam stability under harsh reservoir conditions and in the presence of oil. 

In another study, Ahmed et al. conducted experiments using sandstone core samples to 

examine the combined effect of AOS and betaine surfactants on CO2 foam stability and oil 

recovery in sandstone cores under the same reservoir conditions [117]. The CO2 foam 

stabilized by the mixture of these surfactants at optimum concentrations performed 

excellently well, recovering up to 20% residual oil after CO2 flooding, even at high-pressure 

and high-temperature reservoir conditions.  

Despite the abovementioned benefits of using surfactants in CO2 mobility control, it 

also has a number of limitations. One significant limitation is the relatively low solubility of 

surfactants in CO2 compared to water. As a result, the adsorption layer formed by surfactants 
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at the CO2/brine interface is very weak, leading to low foam stability [19, 118]. Furthermore, 

surfactant-stabilized foam demonstrates inefficient stability in high salinity brines and when 

in contact with oil, as these conditions accelerate the rupture of lamellae at the gas-water 

interface [9, 119]. Crude oil reduces the stability of foams through the snap-off process, 

leading to inefficient thin lamellae formation [77]. Additionally, surfactants have a high 

tendency to adsorb onto rock surfaces, which requires continuous supplementation of 

surfactants that makes foam use costly [17, 120]. Surfactants are also prone to chemical 

degradation under harsh reservoir conditions, including high salinity and high temperature 

[121]. These limitations and issues make the use of surfactants as a stabilizer for CO2 foam 

technically challenging and economically inefficient. 

Nanoparticles  

In recent years, nanoparticles have gained significant attention for their ability to 

stabilize a variety of foams. Unlike surfactants, nanoparticles exhibit low retention on rock 

surfaces, and the energy required to detach nanoparticles from the interface is higher [122]. 

As a result, nanoparticle adsorption at the water-gas interface is typically an irreversible 

process, whereas surfactants can easily attach to or detach from this interface. Moreover, 

foam stabilized by surfactant typically has polygonal bubbles, while nanoparticle-stabilized 

foam contains tiny and round bubbles. This difference arises because the presence of 

nanoparticles at the lamella modifies its curvature, creates a robust barrier, and reduces the 

contact region between bubbles. These changes reduce gas diffusion and liquid drainage, 

thereby improving foam stability [19, 123]. Additionally, in the aqueous phase, 

nanoparticles do not form micelles, which eliminates concerns about solubility [124].  

Over the past few decades, numerous studies have examined the ability of 

nanoparticles to stabilize gas foams. Binks and Morozov generated stable air foams using 

only silica nanoparticles [125]. In the study by Espinoza et al. using 5 nm silica nanoparticles 

resulted in stable supercritical CO2 foams [126]. Moreover, flooding experiments through a 

glass beads column demonstrated that foam stabilized by silica NPs was 2 to 18 times more 

viscous than without it. They also observed that the foam stability improved with higher NP 

concentrations in high salinity brine. Zhang et al. analyzed the phase behavior of oil/water 

emulsion in the absence and presence of silica NPs [127]. They found that the addition of 
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silica NPs led to a more stable water/oil emulsion. Mo et al. also concluded that NPs 

enhanced the stability of CO2 foam in both glass-bead columns and cylindrical cores [128]. 

The several parameters that influence the effectiveness of nanoparticles in stabilizing 

foam properties include nanoparticle concentration, type, reservoir brine salinity, and 

temperature. For example, Zhang et al. reported that foams generated with 5 wt% and 10 

wt% silica nanoparticles remained stable for up to two months, while using 0.1 wt% and 1 

wt% NPs solutions resulted in foams that were stable for less than five days [129]. In another 

study, Mo et al. found that a higher concentration of NPs was necessary to improve the 

stability and the volume of generated CO2 foam [128]. Similarly, Yu et al. observed that 

generated foam became less mobile with increasing NP concentration because foam lamellae 

became more stable and had a greater resistance to coalescence as they passed through the 

pore spaces [130]. 

 San et al. studied the effect of brine salinity and ion composition on the properties 

of foam generated by silica nanoparticles [118]. Pressure drop during foam flowing through 

the core was used to evaluate the foam mobility, while foam stability and texture were 

assessed through a sapphire cell. Their results indicated that increasing NaCl concentration 

improved foam quality and stability. Notably, foam mobility decreased by 80% when NaCl 

concentration was increased from 1 to 10%. However, they observed that further increasing 

salinity above the threshold values resulted in NPs agglomeration, which led to higher 

pressure drop and pore plugging. They also observed that higher temperature reduced CO2 

foam stability. A 90% reduction in foam static stability and a 58% increase in foam mobility 

were observed with increasing temperature from 25⁰C to 65⁰C. Similar results can be found 

in other studies [130, 131].  

Nanoparticles stabilized CO2 EOR 

Several studies have also investigated the oil recovery efficiency of NP-stabilized 

foam. Fu et al. conducted coreflooding tests to assess the oil recovery potential of NP-

generated CO2 foam injection after waterflooding [132]. Silica NPs as foam stabilizers and 

Berea sandstone cores were used in this study. Also, the effect of pressure and temperature 

on the behavior of NPs-generated foam in porous media was investigated. They found that 

NPs stabilized CO2 foam injection recovered 3-6% more residual oil compared to the 

injection foaming solution without NPs. Furthermore, around 12% more oil was produced 
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by NPs-generated CO2 followed by waterflooding while pressure increased by 1300 psi. It 

can be attributed to generating more stable foam at higher pressure, resulting in better sweep 

efficiency. However, it was found that higher temperature reduced CO2 foam stability, 

consequently, oil recovery. Rognmo et al. performed laboratory-scale flooding tests using 

Bentheimer sandstone cores to evaluate the oil recovery performance of CO2 foams 

generated with silica NPs [133]. Their results showed a 3.5-fold increase in pressure drop 

across the core in the presence of NPs compared to its absence. Moreover, incremental oil 

recovery resulting from CO2 foam injection stabilized by NPs after waterflooding was 2 

times higher than the injection case without NPs. In addition, the injection of NPs-CO2 foam 

as a secondary method produced 15% more oil compared to the co-injection of CO2 and 

brine. Additionally, the presence of NPs delayed CO2 breakthrough, indicating the 

generation of stable foam in cores and improved mobility control, leading to better sweep 

efficiency.  

Despite the advantages of using NPs in CO2 mobility control and enhanced oil 

recoveries, this method also has its own limitations. Low-cost NPs, including silica NPs, 

often have a high level of hydrophobicity or hydrophilicity, which can reduce their 

effectiveness in foam stability due to their low ability to adhere to the CO2-water interface 

[134, 135]. Consequently, the generation of strong and stable foams needs specially designed 

and surface-modified NPs, which can be costly [136]. Additionally, NPs tend to agglomerate 

under high salinity and temperature reservoir conditions, potentially causing pore plugging 

and injectivity problems [137, 138]. Furthermore, there are a limited number of studies on 

the environmental effect of using NPs, which has slowed their adoption in field applications 

[139]. 

Surfactant-nanoparticle assisted CO2 foam flooding  

Recently, using the mixture of nanoparticle and surfactant for foam stabilization, 

particularly in harsh conditions, has attracted great interest. Several studies have shown that 

using surfactant-nanoparticle solution leads to better static and dynamic foam stability. For 

example, Worthen et al. reported that blending surfactant with nanoparticles produced 

significantly viscous CO2-in-water foam compared to using surfactant alone [19]. Similarly, 

Singh and Mohanty et al. found that a foam generated with the combination of silica 

nanoparticles and anionic surfactant outperformed a foam produced by surfactant alone in 
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terms of stability [140]. Furthermore, the use of nanoparticles reduced the negative effect of 

temperature on foam stability by reinforcing the foam structure. 

In similar work, Babamahmoudi and Riahi showed that combining silica 

nanoparticles with SDS enhanced foam strength and stability [27]. They observed a 25% 

increase in the relative foam height after adding nanoparticles compared to using surfactant 

only. In these studies, stronger foamability and longer stability of foam produced with 

surfactant-nanoparticles were attributed to irreversible adsorption and aggregation of 

nanoparticles at the foam interface. Additionally, foam stabilized with surfactant and 

nanoparticles demonstrated better resistance to high temperature, pressure, and high salinity, 

as nanoparticles are solid [21]. Nanoparticles also reduce the adsorption of surfactant onto 

rock surfaces, which can further improve foam performance [23]. 

Surfactant-nanoparticle stabilized CO2 foam for EOR 

The use of surfactant-nanoparticle mixtures has also demonstrated promising results 

in improving CO2 foam stability during oil recovery studies. AlYousef et al. investigated the 

potential of nanoparticles to enhance the stability of surfactant-generated CO2 foams [12]. 

In their study, two experiments were performed in the presence and absence of nanoparticles 

to evaluate the oil recovery efficiency of the foam. Anionic surfactant, alpha olefin sulfonate, 

and silica NPs were used. The co-injection of surfactant and CO2 foam in oil displacement 

experiments resulted in 6.5% incremental oil recovery with a 7.5 psi pressure drop along the 

core. In another experiment, combining surfactant and nanoparticles recovered 9.76% of 

OOIP, and pressure drop reached 17 psi. Overall, the synergistic effect of surfactant and 

nanoparticles produced 3.26% additional oil compared to surfactant alone, due to lower gas 

mobility and higher foam viscosity in the presence of nanoparticles. In another study, Guo 

and Aryana used a 2D microfluidic device to assess the oil recovery efficiency of CO2 foam 

stabilized by nanoparticles and surfactants [141]. In this study, silica NPs and the mixture of 

AOS and LAPB were utilized. Combining nanoparticles and surfactants produced 95% of 

OOIP, indicating the strong CO2 foam generation. 

Worthen et al. developed a mathematical model and incorporated it into a 

heterogeneous reservoir model to evaluate the effectiveness of NPs-stabilized CO2 foam [7]. 

The reservoir models, which included high- and low-permeable layers, compared the front 

displacement performance of NP-stabilized foam flooding to the co-injection of CO2/brine. 
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The model showed that CO2 foam stabilized by NPs resulted in more stable front 

displacement and better sweep efficiency compared to CO2/brine flooding. These results 

demonstrated the potential of using NP-generated CO2 foam in heterogeneous reservoirs. In 

an experimental study by Risal et al. the stability and pore-blocking abilities of NP-surfactant 

stabilized foams were tested in a homogeneous glass-bead pack. Surface-modified silica NPs 

and SDS were utilized to stabilize foams [142]. During the foam flooding, the pressure drop 

across the glass pack increased, indicating foam stability and its ability to block pore spaces. 

Overall, the synergistic effect of NPs and surfactants demonstrated excellent performance in 

oil recovery tests, producing up to 18% of residual oil.  

Similar to previous studies, the results of other experimental works demonstrated the 

positive effect of NPs-surfactants CO2 foams in enhancing oil production from sandstones 

and limestones core samples [12, 143]. Combined use of surfactants and NPs generated more 

stable CO2 foams compared to either component alone. The application of the hybrid 

technique in an efficient way may increase the foam viscosity, improve sweep efficiency, 

and reduce CO2 mobility, all of which enhance recovery of residual oil. Overall, these studies 

show that surfactant-NP-stabilized CO2 foam holds huge potential for enhancing oil 

recovery. However, more studies are needed to investigate the impact of crude oil on the 

stability of NP-stabilized foams and to assess the capacity of these hybrid foams to enhance 

oil recovery under different reservoir conditions.  
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CHAPTER 3. Materials and Procedures. 

3.1 Materials 

Surfactants 

In all bulk tests and foam flooding experiments, alpha olefin sulfonate (AOS), an 

anionic surfactant, was used. The selection of foaming agent was guided by promising results 

from previous research, including bulk screening tests and field trials involving AOS 

surfactants [144-146]. The molecular formula of AOS surfactant is written as 

RCH=CH(CH2)nSO3Na, and the molecular structure is shown in Figure 3-1. The surfactant 

had a purity of 38% and was received from Stepan Company. 

 

 

 

 

 

Figure 3-1. Molecular structure of alpha olefin sulfonate (AOS). 

 

AOS are commercially available surfactants, cost-effective to produce at scale, and 

generally regarded as safe for both human health and the environment. Furthermore, AOS 

surfactants have demonstrated strong chemical stability and performance in high-

temperature foam tests, including under challenging North Sea reservoir conditions of 

approximately 4000 psi bar and 80-100°C [144, 147]. This proven thermal resilience was a 

key reason for selecting AOS surfactants for our study under the reservoir conditions of 1500 

psi and 80℃. 

AOS is a negatively charged anionic surfactant. For this reason, a carbonate reservoir 

with positively charged mineral surfaces is not a favorable environment for an anionic 

surfactant because of surfactant adsorption on the carbonate core. Despite that, previous 

studies have also demonstrated the generation of stable foam with AOS in carbonate core 

samples [148, 149]. However, adsorption studies conducted using AOS and limestone core 

materials demonstrated reasonable levels of adsorption [150, 151]). So, using AOS 

surfactant in a carbonate core, used in this study, may be as effective as in a sandstone core 

in terms of foam stability and oil recovery. 
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Carbon dioxide  

CO2 gas with 99.95% purity was used in all experiments. CO2 was delivered in the 

bottle pressurized up to 800 psi.  

Brine 

Distilled water from a Milli-Q Advantage A10 purifier was used to prepare the brine. 

Specific salts were then added to the distilled water to get the required synthetic seawater, 

SSW. The types and concentrations of salts/ions utilized in the brine preparation are listed 

in Table 3-1. The SSW prepared for all experiments was designed to mimic Caspian Sea 

water, with a salinity of approximately 13,000 ppm [152]. To avoid any chemical reactions 

between salts, each salt was added to the distilled water separately and stirred for 5 minutes 

to prevent salt precipitation before the addition of the next salt.  

 

Table 3-1. The composition of brine used in this study. 

Ions Na+ Ca2+ Mg2+ Cl- SO4
2- Total 

Concentration, 
ppm 

3240 350 740 5440 3010 13000 

 

Nanoparticles 

Silicon oxide (SiO2), which are commercially available nanoparticles, was utilized 

in both bulk tests and foam flooding experiments throughout this research. The nanoparticle 

stability in brine was the main criterion for selecting these nanoparticles to stabilize CO2 

foam. In the previous study conducted by Muneer [153], the stability of SiO2 nanoparticles 

in the brine with the same salt composition used in this work (as shown in Table 3-1) was 

investigated. The results indicated moderate stability of SiO2 in the brine, supporting the 

nanoparticles suitability under the conditions explored in this research. Based on these 

findings, SiO2 nanoparticles were selected for use in this study.  

The nanoparticles were received in powder form and were purchased from 

SkySpring Nanomaterials, INC. The nanoparticles have a non-porous structure and nearly 

spherical shape as shown in Figure 3-2. The size of nanoparticles is less than 50 nm, and 

their purity is around 99.5%. The bulk density of nanoparticles is 0.08-0.1 g/cm3.  

SiO₂ nanoparticles generally possess a negatively charged surface under low pH 

conditions [154]. 
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Figure 3-2. The picture of SiO2 nanoparticles. 

 

Crude oil 

The dead crude oil used in the experiments was obtained from an oil field in the West 

Kazakhstan region. The composition of the oil was analyzed with a gas chromatograph at 

NIPI Neftegas. The crude oil composition and its density are shown in Figure 3-3. Crude oil 

was filtered through a 12μm Millipore filter paper to remove any particles that may damage 

the experimental equipment.  

                                      (a)                                                                               (b) 

Figure 3-3.  a) Crude oil composition and b) oil viscosity at various temperatures. 

Core samples 

Outcrop carbonate core samples were used in foam flooding and oil recovery 

experiments. These core samples were purchased from Kocurek Industries Company. The 

core diameter was 38 cm, and the length was 30 cm. The cores were cut to the required 

length for the flooding tests. Table 3-2 lists the core sample properties in this study. 
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Typically, Indiana limestone consists of more than 95 wt% calcite (CaCO3) with small 

quantities of silicon oxide (Si2O3), magnesium oxide (MgO), aluminum oxide (Al2O3), and 

iron oxide (FeO) [155, 156]. 

 

Table 3-2. Core properties. 

 

The major oil reservoirs in Kazakhstan are primarily carbonate formations. 

Therefore, Indiana limestone was selected as a representative core sample for this study to 

evaluate CO2 foam performance in Kazakhstani oil fields. Furthermore, Indiana limestone 

is a heterogeneous rock type with a broad range of porosity and permeability distribution, 

making it comparable to the characteristics of actual reservoir cores [157]. However, it is 

Core 
Length, 

inches 

Diameter, 

inches 

Pore volume, 

cc 
Porosity, % 

Permeability, 

mD 

Ind01 5.95 1.5 26.2 15.7 120 

Ind02 5.77 1.5 30.6 18.8 66 

Ind03 5.94 1.5 27.2 16.3 100 

Ind04 5.81 1.5 30.1 18.5 70 

Ind05 5.98 1.5 33.4 19.9 103 

Ind06 5.67 1.5 28.4 17.8 104 

Ind07 5.75 1.5 32.7 20.2 200 

Ind08 5.94 1.5 31.6 18.9 28 

Ind09 5.91 1.5 29.5 17.7 65 

Ind10 5.94 1.5 29.8 17.5 87 

Ind11 5.92 1.5 27.5 16.2 11 

Ind12 6.1 1.5 32 18.8 45 

Ind13 5.75 1.5 30.5 18.9 39 

Ind14 5.94 1.5 32.6 19.6 85 

Ind15 5.76 1.5 31.8 19.5 45 

Ind16 5.87 1.5 33.1 20.1 175 

Ind17 5.88 1.5 32.2 19.5 630 
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well known that carbonate rocks have positively charged surfaces, particularly at low pH 

conditions [158]. Hence, negatively charged AOS surfactant and SiO2 nanoparticles can 

adsorb on the positive carbonate surfaces. This adsorption can lead to the loss of foaming 

agents and subsequent reduction in foam efficiency. Nonetheless, reasonable adsorption of 

negatively charged AOS surfactant on carbonate rock surfaces was reported, supporting their 

applicability for use in carbonate cores, including those used in this study [150, 151].  To 

reduce possible adsorption of foaming agents and their loss, a core was preflushed with 1 

pore volume of foaming solution before CO2 foam flooding. 

 

3.2 Experimental Equipment and Methods 

3.2.1 Rock Sample Preparation and Routine Core Analysis 

Firstly, all 12-inch-long outcrop core samples were cut, and then the core ends were 

trimmed to obtain flat surfaces using the Cutting and Trimming Saw system. A dry-cutting 

method was employed to prevent damage to the cores from cooling fluids, which could alter 

their properties. Following this, the physical dimensions and weights of the dry cores were 

measured. Since the porosity measurement system available in the laboratory was not 

designed to measure the porosity of core plugs longer than 3 inches, an alternative method 

was used. The core plug samples were vacuumed and saturated with brine under 1000 psi 

for 24 hours. After removal from the saturator, the weights of saturated cores were measured. 

Then the porosity of core plugs was calculated by dividing the weight difference between 

saturated and dry cores by the density of brine.  

For absolute permeability measurements, saturated cores were placed into a core 

holder, and confined pressure was applied, set 500 psi higher than the pore pressure. Then 

brine was injected into the core at rates of 1, 3, and 5 cc/min. Differential pressure across the 

core plug was monitored, and the brine injection continued at each specific flow rate until a 

steady-state pressure drop was achieved. Brine viscosity, physical length and cross-sectional 

area of the core, steady-state pressure value, and specific flow rate were used as input values 

to Darcy’s Laws to calculate permeability. Core plug permeability was then determined as 

the average permeability obtained at various injection rates.  
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3.2.2 Preparation of Foaming Solution 

To prepare a surfactant-only foaming solution, the required concentration of 

surfactant was added to the brine. The mass percent method was used to calculate both the 

mass of the surfactant and the mass of the brine needed to achieve the desired foaming 

solution concentration. Then, the solution was magnetically stirred for 30 minutes at 250 

rpm to obtain a homogeneous dispersion. After stirring, the solution was visually inspected 

to ensure the absence of any precipitation.  

For the nanoparticle-surfactant solution, the nanoparticles were first added to the 

brine. The required amount of nanoparticles was calculated using the same mass percent 

method. Then, the nanoparticle solution was magnetically stirred for 30 minutes at 800 rpm 

to prevent nanoparticle aggregation. To ensure complete nanoparticle dispersion, the 

solution was further bath-sonicated in an ultrasonic homogenizer (BEM-650A) for 45 mins 

at 600 watts, shown in Figure 3-4. Once the nanoparticles were fully dispersed, the required 

amount of surfactant was added to the nanoparticle solution. The final solution was 

magnetically stirred for 30 minutes at 250 rpm to receive a homogenous foaming solution. 

Finally, the solution was visually inspected to ensure no precipitation. All prepared solutions 

were stored in closed beakers to prevent any contamination by the environment or 

evaporation.  

 

 

 

 

 

 

 

 

Figure 3-4. Image of the ultrasonic Homogenizer BEM-650 A. 

3.2.3 Zeta Potential Measurements 

The size distribution of nanoparticles and their zeta potential were measured using 

the Zetasizer Nano ZS system, shown in Figure 3-5. Zeta potential measurement was 

performed to assess the stability of silicon oxide nanoparticles in the brine.  



53 
 

 

 

 

 

 

 

 

Figure 3-5. Zetasizer Nano ZS system used in this study. 

 

In nanoparticle dispersions, oppositely charged ions tend to attach onto the 

nanoparticle surface, forming a thin layer known as the Stern layer. Surrounding this layer, 

loosely bound ions create another layer, called as the Diffusive layer. As nanoparticles 

diffuse through the solution, both layers move with them. As a result, a slipping boundary 

appears that separates the double layers from the remaining ions in the mobile fluid. The 

electrical potential at this boundary is referred to as the zeta potential of the nanoparticles.  

The value of zeta potential reflects the electrostatic repulsion and attraction between 

nanoparticles and indicates the colloidal stability of dispersion. A typical range of zeta 

potential is between +100 mV and -100 mV. Nanoparticle solution exhibits the best stability 

when the zeta potential value is between +30 mV and -30 mV [159]. 

3.2.4 Bulk Foam Stability Tests 

Bulk tests are often used as a simple, quick, and cheap method for screening and 

selecting foaming agents, such as surfactants and nanoparticles, for foam generation and 

stabilization. These tests evaluate foaming agents based on the foamability and foam 

stability of the obtained foaming solution. Foamability refers to the ability of a foaming 

solution to generate foam under certain conditions. Foam stability describes the change in 

foam height or volume over time after foam generation.  

The schematic experimental setup for the bulk test is shown in Figure 3-6. The setup 

consists of a 1000 ml graded glass column (length: 60 cm, diameter: 6 cm), a mass flow 

meter, CO2 gas supply lines, and a gas bottle with a pressure regulator. A porous rock is 

placed at the bottom of the column for gas sparging. A high-resolution camera is used to 
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record foam decay time for further calculation of foam half-life time and generated foam 

volume.   

 

 

 

 

 

 

 

 

Figure 3-6. Schematic of the bulk test system. 

During the bulk test, the foam was generated by injecting CO2 through the porous 

rock submerged in the foaming solution. First, 100 ml of the foaming solution was poured 

into the graded glass column. Then, CO2 gas was injected at a constant rate (50 cc/min) 

through the porous rock at the column’s bottom to generate foam. The 250 ml of gas was 

injected in all cases, maintaining the constant liquid and gas ratio of 70%, which had been 

identified as the best foam quality from screening experiments. After the gas injection was 

stopped, foam decay was recorded using the high-resolution camera. The recorded data was 

used to determine foamability and foam stability. To quantify foam stability, foam half-life 

time was used, which represents the time required for the foam height to decrease to half of 

its original height. 

In the bulk test with crude oil, a predetermined amount of oil was added into the 

column with foaming solution before CO2 injection for foam generation. Due to differences 

in density, the oil phase was located at the top of the foaming solution in the glass column. 

Thus, foam generation occurred before oil came into contact with foam.  

Additionally, bulk tests were conducted to examine the effect of temperature on 

foamability and foam stability. To achieve this, the glass column and the gas injection line 

were placed in a high-temperature oven. The temperature inside the oven was controlled and 

monitored using temperature sensors. CO2 injection for foam generation was initiated only 

once the foaming solution in the column reached and stabilized at the required temperature. 
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The foam behavior was monitored through the sight glass on the side of the oven with the 

high-resolution camera. 

3.2.5 Foam Dynamic Experiments 

The schematic of the high-pressure and high-temperature (CFS 700) system used for 

core flooding experiments in this study is shown in Figure 3-7. In all coreflooding 

experiments, CO2 and foaming solutions were co-injected from separate cylindrical 

accumulators into a core plug. The co-injection method ensures in-situ foam generation as 

the CO2 disperses into the aqueous solution.  

In the core flooding experiments, a brine-saturated core plug was covered with a 

sleeve and placed into a Hassler-type core holder. The core holder was then mounted on a 

horizontal platform. Confining pressure was applied using a Floxlab syringe pump. During 

the experiments, the confining pressure was maintained at 500 psi higher than the pore 

pressure to prevent any communication between the confining space and the core plug. 

Depending on the test type, either brine or surfactant solution and CO2 were separately 

loaded into Hastelloy floating piston accumulators, which were placed vertically inside the 

oven. Two Floxlab dual-syringe pumps were connected to each accumulator, allowing for 

separate or simultaneous injection of fluids and gas. The dual syringe pumps automatically 

refilled, ensuring continuous injection throughout the entire experiment.  

Pressure values at the inlet and outlet of the core, as well as differential pressure 

across it, were measured using two pressure transducers and two independent high-accuracy 

differential pressure transducers. The downstream pressure was regulated by a backpressure 

regulator (BPR), which was automatically adjusted by the syringe pump to maintain constant 

pressure. The entire system, except for the injection pumps, was placed into the oven to 

maintain a constant temperature during the experiment. Effluent fluids were collected in 

measuring cylinders, and dead volume was applied to the calculations.  

An automated data recording system was used throughout all coreflooding 

experiments, enabling continuous data acquisition and collection. This system improved the 

accuracy of post-experimental data analysis and interpretation. 
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Figure 3-7. The schematic of the coreflood system (CFS 700). 

 

A series of foam flow experiments were conducted to assess the performance of CO2 

foam in porous media. These experiments included foam quality scans, flow rate tests, and 

foam flooding at various surfactant concentrations. The results from these tests were used as 

input parameters for foam flooding simulations.   

Foam quality scan. The purpose of this experiment was to determine the optimum 

ratio of injected CO2 and foaming solution that generates the most effective foam in terms 

of stability and strength in the porous medium. The total injection rate, defined as the sum 

of CO2 and foaming solution injection rates, was kept constant at 1 cc/min throughout the 

experiment. However, the individual injection rates of CO2 and foaming solution were 

adjusted to get various gas fractional flows, which ranged from 40% to 90%. In this work, 

the fractional flow is defined as the ratio of CO2 injection rate to the foaming solution 

injection rate. Pressure drop across the core was monitored, and once steady-state pressure 

was observed, the injection rates of CO2 and foaming solution were adjusted to achieve the 

required gas flow fraction.  

Flow rate tests. The foam behavior in porous media depends on the injection rate. 

Therefore, it is important to understand the effect of varying injection rates on foam 

generation and stability. In this experiment, the total injection rate was gradually increased 

from 0.5 to 2 cc/min, maintaining a constant gas fractional flow. As in previous tests, steady-
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state pressure drop was used as an indication to adjust the injection rates of CO2 and foaming 

solution. The optimum gas fractional flow obtained from the foam quality scan experiment 

was used in this experiment. The list of foam flooding experiments and reservoir conditions 

under which they were performed is listed in Table 3-3. 

 

Table 3-3. Cores and corresponding experimental parameters. 

 

The effect of foaming agent concentration. This experiment was conducted to 

investigate the effect of surfactant concentration on foam generation and stability. For this 

experiment, foaming solutions with AOS concentrations of 0.25%, 0.5%, and 1% were 

prepared following the procedure described earlier. To minimize surfactant adsorption, 1 PV 

of surfactant solution was injected as a pre-flush before co-injecting CO2 and surfactant 

solution. In this test, steady-state pressure drop monitored over at least 2 PV of injection was 

used as an indication of foam stability. Subsequently, a surfactant solution with a higher 

concentration was injected for further testing.  

Core 
Experimental 

Conditions 
Experiment Injection fluid 

Ind01 1500 psi/40⁰C Foam quality scan 0.5% AOS solution 

Ind02 1500 psi/80⁰C Flow rate tests 0.5% AOS solution 

Ind03 

1500 psi/80⁰C Foam flooding 0.5% AOS solution 

1500 psi/40⁰C Foam flooding 0.5% AOS solution 

1500 psi/40⁰C CO2 and brine co-injection Brine 

Ind04 

1500 psi/80⁰C Foam flooding Brine 

1500 psi/80⁰C Foam flooding 0.25% AOS solution 

1500 psi/80⁰C Foam flooding 0.5% AOS solution 

1500 psi/80⁰C Foam flooding 1% AOS solution 

Ind05 1500 psi/80⁰C Foam flooding 
0.5% AOS + 0.05% SiO2 

solution 

Ind06 1500 psi/40⁰C CO2 blocking 0.5% AOS solution 

Ind07 1500 psi/40⁰C CO2 blocking  
0.5% AOS + 0.05% SiO2 

solution 
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Surfactant and surfactant-stabilized CO2 foam. Several foam flooding 

experiments were conducted to compare the performance of surfactant and surfactant-

nanoparticles on stabilizing CO2 foam in porous media under various reservoir conditions.  

3.2.6 Dual–core Experiments 

In order to determine the diverting and pore-blocking capacity of CO2 foam 

stabilized by surfactant, coreflooding tests were performed using parallel cores. The 

coreflooding system in Figure 3-7 was slightly modified for this experiment., as shown in 

Figure 3-8. A new core holder was connected in parallel to the existing core holder using 

tubes. Check valves were placed before each core holder to prevent communication between 

the cores. Additionally, several valves were installed before each core holder to divert the 

injection brine from one line to another line during absolute permeability measurement.  

 

 

 

 

 

 

 

 

 

Figure 3-8. Dual core holder system. 

 

Once both cores were mounted into their respective core holders, core #2 was 

isolated using a valve in the upstream line. Then, brine was injected at varying rates (1 to 5 

cc/min) through core #1 to measure pressure drop, which was used to calculate its absolute 

permeability. The same procedure was followed to determine the absolute permeability of 

core #2. After the permeability measurement, the upstream lines of both cores were opened, 

and the co-injection of CO2 and foaming solution was initiated at constant total injection 

rates of 1 cc/min, maintaining a fixed fractional flow of 70%. The injection rate was kept the 

same as during single-core experiments to prevent a high-pressure drop across a core when 
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most of the fluid flows through the one core because of heterogeneity. The pressure 

transducers were used to measure pressure at the inlet and outlet of both cores. All data were 

automatically recorded and collected using built-in software. The cores and experimental 

parameters to study the heterogeneity effect are listed in Table 3–4: 

 

Table 3-4. Overview of core used for dual core experiments with experimental parameters. 

 

3.2.7 Oil Recovery Experiments 

The core flooding system, as shown in Figure 3-7, was also used to investigate oil 

recovery efficiency of CO2 foam flooding. In this experiment, a core was saturated with 

crude oil through a drainage process. Precise measurements of production fluid volumes 

were crucial to accurately estimate the initial water and oil saturation in the core. The oil 

recovery experiments included several main stages: 

Absolute permeability measurements  

After mounting a coreholder with a brine-saturated core plug, 2 PVs of brine were 

injected to ensure complete saturation of the core. The required backpressure was then set, 

and the absolute permeability of the core plug was determined by injecting brine at three 

different injection rates following the procedure described in the previous section. Pressure 

data was recorded and used to calculate permeability.  

Primary Oil Drainage 

In this stage, crude oil was injected into the core to displace the brine to reach 

irreducible water saturation (Swi). Oil was injected at three different rates: 0.5, 3, and 5 

Injection 

fluid 
Core Porosity, % 

Permeability, 

md 

Experimental 

Conditions 

Permeability 

ratio (Vk) 

 

0.5% AOS 

Ind08 18.9 28 

500 psi/25⁰C 
 

2 Ind09 17.7 65 

0.5% AOS 

and 0.05% 

SiO2 

Ind10 17.5 87  

500 psi/25⁰C 

 

8 

Ind11 16.2 11 
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cc/min. Higher injection rates were required to overcome the capillary pressure in pores. 

During the drainage process, brine production was monitored and measured using 5 ml 

measuring cylinders to accurately calculate Swi and Soi (initial oil saturation).  

At Swi, the oil originally in place (OOIP) was determined using the following 

equation: 

 

                                                           𝑂𝑂𝐼𝑃 =  𝑆𝑜𝑖 ∙ 𝑃𝑉                                              (3.1) 

 

where Soi is the initial oil saturation, and PV is the pore volume [cc]. In this calculation, it is 

assumed that all produced water from the core was displaced by oil during the drainage 

process, meaning that the sum of Swi and Soi equals 1. 

It is important to note that not all of the produced water came from the core plug 

itself. Usually, small amounts of brine or oil remain in upstream and downstream tubes. This 

volume of fluid is defined as the dead volume, and knowing it is crucial for precise fluid 

saturation calculations and estimating oil recovery. Therefore, dead volumes were 

considered in calculations during both the drainage process and later oil recovery by 

waterflooding, CO2 flooding, and CO2 foam flooding.  

Waterflooding  

Waterflooding is a widely used, inexpensive method for secondary oil recovery. 

Therefore, in some of the experiments, waterflooding was employed prior to CO2 flooding 

to compare the performance of both methods in terms of oil recovery. During waterflooding, 

brine was injected into the core plug to displace oil from the core. The brine injection rate 

was gradually increased from 0.5 to 5 cc/min to overcome the capillary pressure in pores. 

The produced oil was collected downstream of the BPR in measuring cylinders, and the 

volume of production was measured as a function of time. Pressure gradients from pressure 

transducers and the differential pressure transmitters were monitored and recorded 

throughout the waterflood process. 

Oil recovery factor was calculated to assess the displacement efficiency of the 

waterflood. The oil recovery factor is defined as the ratio of the volume of produced oil 

during waterflooding to the original oil volume in a core. 
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                                   Oil recovery (Rf) =  
No,prod

OOIP
                                             (3.2) 

 

where No, prod is the volume of produced oil [cc], and OOIP-original oil in place-is the oil 

originally in place defined during the drainage process [cc]. 

CO2 flooding 

After the waterflood, CO2 flooding was performed to evaluate EOR potential. CO2 

was injected at constant rate of 1 cc/min for about 3 pore volumes (PV) until no more oil 

was produced. The minimum miscibility pressure for the CO2/oil system, calculated using 

CMG WinProp, was 2500 psi at 80°C, and so CO2 flooding in this study was immiscible 

displacement. 

Co-injection of CO2 and foaming agent  

Following the CO2 flooding, the co-injection of CO2 and foaming agent was initiated 

to evaluate the oil recovery efficiency of CO2 foam. Foam flooding was performed at a 

constant gas fractional flow, which had been identified as the optimal value for achieving 

the highest foam apparent viscosity in previous foam quality scan tests. Throughout the foam 

flooding process, the total injection rate was maintained at 1 cc/min. Pressure drop and oil 

production volume were continuously monitored and recorded to assess the efficiency of 

CO2 foam in recovering oil from the core.  

Final oil saturation and oil recovery were calculated based on the difference between 

initial oil volume in the core and the produced oil volume, with adjustments made to account 

for dead volume. The internal volume of the tubing, valves, and fittings located upstream 

and downstream of the core holder is not part of the porous medium but still contains fluid. 

In coreflood experiments, dead volume can impact the accuracy of fluid saturation, 

breakthrough timing, and pressure measurements by introducing a delay between fluid 

injection and its entry into the core. 

To properly account for dead volume and improve the accuracy of oil recovery 

measurements, oil, foaming solution, and brine were injected through separate lines, which 

were connected to the tee positioned close to the core holder inlet. Additionally, the dead 

volume before and after the core holder was measured multiple times, and it was calculated 

that the total dead volume in the coreflood system was approximately 10 ml.  
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3.2.8 Interfacial Tension Measurement 

The HPHT Interfacial Tension meter (IFT 700), shown in Figure 3-9, was used to 

measure the IFT in oil−brine, oil−CO2, and brine−air systems. The measurement range of 

the equipment is 0.05-70 mN/m. The IFT between oil and brine was determined using the 

rising bubble method. In this technique, a visual cell with sapphire windows was filled with 

brine, and oil was injected downward into the cell using a needle. For the IFT measurements 

in CO₂-oil and CO₂-brine systems, the pendant drop method was employed, where the cell 

was filled with CO2, and fluid was injected from the top. A syringe pump and microvalve 

were used to regulate injection rate and pressure. The pressure of the injected fluid was kept 

100 psi higher than bulk pressure in accordance with the manufacturer’s recommendations.  

 

 

 

 

 

 

 

 

 

 

Figure 3-9. HPHT Interfacial Tension Meter (IFT 700). 

 

Before running the IFT measurements, the scale of the digital image was calibrated 

based on the needle size to accurately determine the dimensions of the droplets. During 

experiments, images of the droplets were captured by the camera, and built-in software 

automatically fitted the drop shape and calculated IFT using the Young-Laplace equation 

[160]: 

 

                                                   ∆𝑃 = 𝑠 ∙ (
1

𝑟1
+

1

𝑟2
)                                                     (3.3) 
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To ensure accurate measurements, the droplet (oil or brine) was allowed to stabilize 

for at least 20 minutes for reaching dynamic equilibrium with the bulk phase (CO2 or liquid). 

All IFT measurements were performed at 25 ℃. 

3.3 Experimental Precautions  

Conducting experiments under high-pressure and high-temperature (HPHT) 

conditions requires the following special procedures and the use of specific materials. This 

section discusses the key experimental precautions taken in this study, with a particular focus 

on CO2 handling. 

Corrosion 

Generally, steel and low-alloy materials do not corrode when exposed to dry CO2. 

However, when CO2 reacts with water or brine, it forms carbonic acid, which can cause 

significant corrosion of the laboratory equipment. To mitigate these corrosion issues, we 

used a coreflood system consisting of components made from Hastelloy material, including 

a coreholder, accumulators, and BPR. This measure helped reduce equipment degradation, 

minimize downtime during experiments, and ensure safe operations, particularly under 

HPHT conditions.  

CO2 diffusion 

CO2, due to its molecular structure and physical properties, is more mobile compared 

to fluids, leading to higher permeability through solid materials. Gas diffusivity and 

solubility are the important factors affecting its permeability through rubber materials. The 

solubility of CO2 in Teflon or rubber is significantly higher than that of N2 and most other 

gases, as shown in Figure 3-10. Therefore, CO2 diffuses through Teflon materials up to 15 

times faster than N2. As a result, Teflon sleeves and O-rings used in the coreflooding system 

can swell upon contact with CO2, damaging equipment and leading to leakage. Furthermore, 

CO2 diffusion from the core through the Teflon sleeve can affect the accuracy of gas flow 

rate and its fraction in flow.  
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Figure 3-10. The solubility and diffusivity of CO2 in [161]. 

 

To minimize gas leakage and experimental equipment failure due to the high 

solubility of CO2 and its diffusivity, several precautions were implemented: 

1. Aflass sleeves were used in the coreholder, as they exhibit higher resistance to 

CO2 compared to typical rubber or Teflon materials.  

2. The Teflon O-rings on the end caps of the coreholder were replaced with Aflass 

O-rings.  

3. The Teflon O-rings on parts of the accumulator exposed to CO2, particularly on 

the end cap and one side of the piston, were replaced with Aflass O-rings.  

4. Empty accumulators were filled with high-pressure CO2 at a low rate by 

adjusting the valve. Similarly, CO2 was released from the accumulator at a very 

low rate to prevent the swelling of O-rings due to rapid CO2 influx. 

5. Aflass O-rings were also used in the piston of the BPR to prevent CO2 

diffusion. 

 

Joule-Thomson effect 

The temperature of high-pressure CO2 can drop significantly when it is released from 

the BPR to ambient pressure. This cooling rate due to gas expansion, expressed in °C/bar, is 

referred to as the Joule-Thomson effect. Compared to most gases, CO2 has a significantly 

high Joule-Thomson coefficient [162]. As a result, when the temperature of CO2 suddenly 

drops, the hydrate of carbon dioxide can form in the presence of water, freezing the outlet 
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of the BPR and the production lines. To mitigate this issue, the BPR and outlet flow/lines 

were placed into the oven during HPHT coreflood experiments.  
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CHAPTER 4. Experimental results 

4.1 Nanofluid Stability 

The zeta potential values of solutions with varying nanoparticle concentrations were 

measured to assess the stability of nanoparticles in CSW with a salinity of 13000 ppm. The 

NP solutions were observed over five consecutive days through zeta potential measurements 

and visual inspection. Figure 4-1 compares the zeta potential values for three NP solutions 

at the concentrations of 0.05 wt%, 0.1 wt%, and 0.2 wt% SiO2. The zeta potential for the 

0.05 wt% SiO2 solution fluctuated between -10 and -12mV, while it decreased from 

approximately -14mV to -9mV for the other two solutions. On the second day, the measured 

zeta potential for the 0.05 wt% SiO2 solution was slightly lower than on the third day, likely 

due to a measurement error. However, the variation was within an acceptable range. Overall, 

zeta potential values for all three solutions showed similar values over time, indicating that 

nanoparticle concentration had a minimal effect under the examined conditions. 

 

  

 

 

 

 

 

 

 

 

 

Figure 4-1. Zeta potential values for various concentration of SiO2 in brine. 

 

Table 4-1 presents the stability indicator values for SiO2 based on the zeta potential 

measurements. This table was developed by Salaudeen based on the experimental results. 

According to this table, all three solutions used in this experiment are characterized as 

unstable [163].   
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Table 4-1. Nanoparticle stability indicator [163]. 

Zeta Potential Values (mV) Stability 

-25 and Below Highly Stable 

-20 to -25 Stable 

-15 to -20 Less Stable 

-13 to -14 Fairly Stable 

-10 to -12 Unstable 

-9 and above Highly unstable 

 

Table 4-2 presents the stability assessment of SiO₂-based nanofluids over a five-day 

observation period. The formulations containing 0.1 wt% and 0.2 wt% SiO₂ exhibited signs 

of instability as early as the second day, characterized by visible cloudiness and significant 

nanoparticle precipitation that accumulated at the bottom of the beakers. This sedimentation 

indicates a loss of colloidal stability, likely due to agglomeration of nanoparticles. In 

contrast, the nanofluid containing 0.05 wt% SiO₂ remained visibly clear and free from 

sedimentation throughout the entire five-day period, indicating dispersion stability. 

Additionally, nanoparticle precipitation was observed during a preliminary foam 

flooding experiment conducted at 80℃ and 1500 psi. In this experiment, CO2 and the 

solution containing 0.3 wt% SiO2 were co-injected at a constant injection rate of 1 cc/min, 

maintaining a fixed fractional flow of 70%. Throughout the experiment, the pressure drop 

across the core and the pump injection pressure were continuously monitored. After 

approximately 6 PV of co-injection, a sudden drop in inlet pressure accompanied by a rise 

in pump injection pressure was observed, indicating potential injectivity problems. Upon 

disassembling the core holder after the experiment, visual inspection revealed nanoparticle 

precipitation on the inlet plug surface, which blocked flow paths, as illustrated in Figure 4-

2. These observations are consistent with the data presented in Table 4-2, which show that 

SiO₂ nanoparticles exhibit only moderate stability in the brine at concentrations above 0.1 

wt%, leading to precipitation in porous media and subsequent flow blockage. 
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Table 4-2. The illustration of SiO2 stability at various concentrations in saline brine at 

room conditions over the five-day period. Precipitations are circled in red. 

SiO2, 

wt% 
1st day 2nd day 5th day 

0.05 

   

0.1 

   

0.2 
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Figure 4-2. The surface of inlet plug of the core-holder. 

 

Based on these observations, the 0.05 wt% SiO₂ concentration was identified as the 

most stable formulation. These results align with previous findings reported by Salaudeen 

[163], who also noted that lower concentrations of SiO₂ in brine solutions tend to enhance 

dispersion stability. 

The reduced stability at higher SiO₂ concentrations can be attributed to the ionic 

strength of the saline brine, which diminishes the electrostatic repulsion between 

nanoparticles. In such environments, the high concentration of dissolved ions screens the 

surface charge on the SiO₂ particles, leading to destabilization through van der Waals 

attractions and subsequent aggregation [164]. This highlights the critical importance of 

optimizing nanoparticle concentration to maintain stable suspensions in saline conditions. 

4.2 IFT Measurement 

The interfacial tension of the oil-surfactant-CO2 system was measured to 

qualitatively analyze the oil-foam interactions. All measurements were performed at 25⁰C 

and 250 psi pressure conditions. The droplet of oil or surfactant solution was held for at least 

10 minutes to allow equilibrium between the two phases. Figure 4-3 illustrates the IFT of 

the oil-gas system, determined using the pendant-drop method. As shown in the figure, the 

IFT value gradually decreased and stabilized at 5.8 mN/m after 500 seconds. 
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Figure 4-3. IFT measurements for oil-CO2 system at 25⁰C and 250 psi. 

 

Table 4-3 presents the measured IFT for the oil-CO2-surfactant system and 

summarizes the results of three coefficients: entering, spreading, and bridging, along with 

the lamella number, which were calculated based on the measured IFT using equations 2.1-

2.4. Positive entering and bridging coefficients indicate that oil will enter the lamellae and 

generate a bridge between two liquid interfaces. However, a positive spreading coefficient 

implies that once oil enters the gas-surfactant solution interface, it tends to spread on the 

surfaces of foam bubbles, quickly breaking the lamellae and destabilizing the foam system. 

These observations imply that the crude oil has a detrimental effect on the foam stability, 

which supports the findings from the bulk tests. 

 

Table 4-3. Interfacial tension data and calculated parameters at 25⁰C and 250 psi. 

System Interfacial tension, (mN/m) Parameters (mN/m) 

oil – gas 5.8 Entering coefficients 2.12 

oil-surfactant 8.2 Spreading coefficients 2.68 

gas-water 0.28 Bridging coefficients 33.7 

  Lamella number 4.4 
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The lamellae number indicates that in the presence of crude oil, the foaming system 

exhibits moderate stability, corresponding to a type B foaming system [99]. However, both 

entering and spreading coefficients yield positive values, which contradict the concept of 

type B foams. The entering coefficient for type B foam is typically positive, while the 

spreading coefficient is negative. Therefore, the obtained lamella number does not provide 

a reasonable description of the foam stability in the presence of oil in this study. A similar 

observation has been reported previously [96]. 

The values of these three coefficients would be the same for the oil-gas-surfactant-

nanoparticle system, as the presence of nanoparticles has an insignificant effect on surface 

tension values [12, 20].  

4.3 Bulk Foam Stability 

4.3.1 The Effect of Surfactant Concentration  

The effect of AOS surfactant concentration on foamability and foam stability was 

investigated through several bulk tests conducted without oil. All foaming solutions were 

prepared following the procedure described in the Section 3.2.2. These tests were performed 

at room temperature and ambient pressure. After CO2 foam generation, the foam volume and 

foam half-life were measured. In this study, foam half-life is defined as the foam decay time 

from its initial height to half. Figures 4-4 and 4-5 demonstrate the changes of foam half-life 

time and volume with increasing AOS concentration from 0.1 wt% to 1 wt%. As depicted 

in the Figure 4-2, both foam stability and foamability remained constant despite the increase 

in surfactant concentration.  
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Figure 4-4. The effect of surfactant concentration on foam half-life time at ambient 

conditions. 

 

The observed behavior of foam at various surfactant concentrations can be attributed 

to its critical micelle concentration (CMC) value, which is typically lower than 0.01 wt% 

[24]. CMC is defined as the minimum concentration of surfactant required to form micelles. 

It is determined by measuring the surface tension at various surfactant concentrations and 

finding the intersection between the regression straight line and the line of the plateau region. 

Above CMC value, additional surfactants added to a bulk phase form a double layer, thus 

surface activity is not enhanced [34, 165]. For this reason, surface tension becomes 

independent of surfactant concentration and remains unchanged. In the bulk test, the 

concentration of surfactant in all foaming solutions was significantly higher than the CMC 

value; thus, both foam volume and foam stability showed stable trends as they depend on 

surface activity. Based on the results of this test and previous studies, the optimum surfactant 

concentration was selected as 0.5% for further studies [166].  
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Figure 4-5. Visual observations during bulk tests at various surfactant concentrations after 

500 seconds of gas injection at ambient condition. 

4.3.2 The Effect of Temperature 

Foam stability and foamability strongly depend on temperature. Typically, 

increasing temperature accelerates foam degradation, reducing its effectiveness in 

controlling CO2 mobility. In this study, three bulk tests were performed at various 

temperatures (20⁰C, 50⁰C, and 80⁰C) to investigate the effect of temperature on AOS-

stabilized CO2 foam. The highest temperature (80⁰C) was selected to mimic harsh reservoir 

conditions. The tests were performed using foaming solutions at 0.25 wt% and 0.5 wt% 

concentrations, where the latter was determined as the optimum concentration in the 

previous test. These two concentrations were chosen to explore the relationship between 

surfactant concentration and temperature.  

Figure 4-6 illustrates the changes in foam half-life and volume at various 

temperatures for both surfactant solutions. As shown, the stability and volume of CO2 foam 

at both surfactant concentrations remained relatively unchanged when temperature was 

increased from 20⁰C to 50⁰C. Both 0.25 wt% and 0.5 wt% foaming solutions exhibited 

similar foam behavior at both temperatures. However, the foam volume of the 0.25 wt% 

AOS foaming solution reduced almost half when the temperature increased from 50⁰C to 

80⁰C, while the 0.5 wt% foaming solution showed only a 20% reduction in foam volume. 

Similarly, foam half-life showed a significant decrease for both foaming solutions. However, 
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high-concentration solutions exhibited slightly longer stability compared to low 

concentration.  

 

 

 

 

 

 

 

 

 

 

 

 

Figure 4-6. The effect of temperature on foam half-life time at various temperature and 

ambient pressure. 

4.3.3 The Effect of Brine Salinity  

In order to investigate the effect of salinity on CO2 foam performance using AOS 

surfactant, CSW was diluted to create brines with salinities of 3,250 ppm, 6,500 ppm, and 

9,750 ppm. Additionally, one test was conducted using DI water as a base case. For each 

test, 0.25 wt% and 0.5 wt% AOS surfactant solutions were prepared, and the same bulk test 

procedure with CO2 was applied.  

CO2 foam stability and foamability at various salinities are shown in Figure 4-7. 

Typically, increasing salinity has an adverse effect on foam behavior, reducing its stability 

and capacity. However, in this test, increasing brine salinity had an insignificant effect on 

foam stability and volume. The maximum stability of 300 seconds was observed at a 0.25 

wt% foaming solution when DI water was used as a bulk phase. Other foam half-life values 

were between 260 and 290 secs. The small variation in foam stability and volume across the 

tested salinities can be attributed to the relatively low salinity of the brine solutions.  
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Figure 4-7. The effect of brine salinity on foam half-life time at 20⁰C and ambient 

pressure. 

4.3.4 The Effect of the Presence of Oil 

A series of the bulk tests were carried out to understand the influence of oil on foam 

behavior. In these foam stability tests, the oil volume was varied to assess its effect on foam 

performance. Crude oil was added to surfactant solution at ratios of 1%, 3%, and 5% of 

foaming agent volume, introduced from the top of the cylinder before CO2 injection. In these 

tests, both 0.25 wt% and 0.5 wt% AOS surfactant solutions were used. 

Figure 4-8 illustrates the foam stability and volume in the presence of varying oil 

proportions. Both foaming solutions showed a decreasing trend in foam stability and volume 

with increasing the amount of oil present. When 1 wt% oil was added to the foaming 

solution, the half-life time decreased to 240 seconds, and foam volume decreased by half for 

low surfactant concentration compared to the case without oil. However, the addition of 1 

wt% oil had minimal effect on foam stability and volume for higher surfactant concentration. 

Increasing the oil content from 3% to 5% resulted in a reduction of foaming volume and 

stability for both solutions. As discussed in section 4.2, both the spreading and bridging 

coefficients for oil-foam interactions are positive, indicating that oil droplets enter the gas-

brine interface and form bridges, thereby destabilizing foam bubbles. Moreover, a positive 

spreading coefficient suggests that once oil enters the interface, it spreads along the lamellae 
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interface and ruptures it [167].  Based on these entering-spreading theories, it can be 

concluded that oil has a destabilizing effect on CO2 foam, significantly reducing both its 

stability and foamability. This conclusion is consistent with bulk test results presented in 

Figure 4-8. 

The weakest foam and lowest foam volume were observed in the solution with 5% 

oil. Compared to the no-oil case, adding 5% oil reduced foam stability by 2- and 1.5-fold for 

0.25 wt% and 0.5 wt% foaming solutions, respectively. Additionally, foam volume 

decreased by nearly 42% for the 0.5 wt% concentration solution, while the 0.25 wt% solution 

experienced a 60% reduction in volume with 5% oil. Overall, the foam generated with 0.5 

wt% AOS foaming solution demonstrated better stability and foamability in the presence of 

oil compared to the solution with 0.25 wt%. This confirms that 0.5 wt% AOS solution is an 

optimal concentration for further experiments. 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 4-8. The effect of oil on CO2 foam at 20⁰C and ambient pressure. 

 

One bulk test was conducted at 80⁰C with 5% oil using 0.25% wt and 0.5% wt AOS 

solutions. The purpose of this test was to examine the effect of oil on foam performance at 

elevated temperatures, which represents reservoir conditions for this study. After adding the 

foaming solution and oil into the cylindrical column, the column was placed in an oven. 

Once the temperature of the foaming solution stabilized at 80⁰C, CO2 injection was initiated.  
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The results of this test are shown in Figure 4-9. Similar to the previous test conducted 

without oil, elevated temperature accelerated the degradation of CO2 foam, reducing foam 

stability and foamability for both foaming solutions. Overall, foam stability decreased 80% 

and 65% for the 0.25 wt% and 0.5 wt% AOS solutions, respectively, when the temperature 

increased from 20⁰C to 80⁰C. These findings show the advantage of using higher surfactant 

concentration to stabilize CO2 foam in the presence of oil at elevated temperature.  

  

  

 

 

 

 

 

 

 

 

 

 

 

Figure 4-9. Foam stability at 20⁰C and 80⁰C in the presence of 5% oil. 

 

4.3.5 The Effect of Nanoparticles 

A series of bulk tests were performed to investigate the influence of nanoparticles on 

the behavior of surfactant-stabilized CO2 foam. Following the procedure outlined in Chapter 

1, nanoparticle solutions with concentrations ranging from 0.1 to 1% were first prepared. 

Then, 0.5 wt% surfactant was added to each nanoparticle solution. The same bulk test 

procedure was employed for this experiment, with all tests being carried out under ambient 

conditions.  

Figures 4-10 and 4-11 illustrate the stability and volume of CO2 foam stabilized with 

the combination of surfactant and nanoparticles. As shown in the Figure 4-10, the highest 

foam stability was achieved with 0.3% SiO2 nanoparticle concentration, resulting in a foam 
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half-life time around 400 seconds. Above this concentration, further increases in 

nanoparticle concentration led to a slight reduction in foam stability. In general, 0.3 wt% 

nanoparticle solution performed much better than others. A similar trend was observed in 

the measurement of foam volume. The improved foam stability and foamability observed in 

the presence of nanoparticles can be attributed to several mechanisms. First, nanoparticles 

on the surface of foam bubbles create electrostatic repulsion forces, which prevent bubble 

coalescence. Additionally, the steric layer formed by the surfactant on the surface of bubbles 

is reinforced by nanoparticles, reducing the drainage of lamellae due to gravity. These 

mechanisms in the presence of NPs generate more stable foam [168, 169]. 

However, as seen in the Figure 4-10, the change of foam volume was insignificant 

in the presence of NPs. One of the possible reasons for that is the low stability of NPs in 

brine, resulting in immediate nanoparticle precipitation, as it was found in previous 

nanoparticle stability tests in the Section 4.1. Despite better performance, using a 0.3% SiO₂ 

solution may lead to pore plugging problems due to the high rate of nanoparticle 

precipitation. For this reason, 0.05% SiO₂ was selected as the optimum concentration since 

no precipitation was observed in previous tests. However, using a 0.05% SiO₂ solution 

resulted only in a small increase in foam stability compared to the surfactant alone case; 

nanoparticle solution stability is the main criterion for conducting further core flooding 

experiments. 

 

 

 

 

 

 

 

 

 

 

 

Figure 4-10. The effect of adding SiO2 to 0.5wt% AOS at 20℃ and ambient pressure. 
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Figure 4-11. The CO2 foam generation by the mixture of SiO2 and AOS at 20⁰C and 

ambient pressure. 

The selection of surfactant and nanoparticle concentration 

Figure 4-4 demonstrates that CO2 foam stability was not significantly affected by 

surfactant concentration, as the concentrations tested were significantly greater than CMC 

value (0.01 wt%). Thus, from the economic standpoint, using the lowest effective surfactant 

concentration is desirable. However, additional experiments conducted at elevated 

temperatures (Figure 4-7) and in the presence of oil (Figure 4-8) showed improved foam 

performance at higher surfactant concentrations compared to the lower. This enhancement 

can be attributed to the higher liquid viscosity of the 0.5 wt% AOS solution compared to the 

0.25 wt% AOS solution, which reduced the foam drainage rate and improved stability as a 

result.  

Furthermore, the injection of negatively charged AOS surfactant into a carbonate 

core, which has positively charged surfaces, may result in surfactant adsorption due to 

electrostatic attractive forces. To compensate for this surfactant loss and maintain effective 

surfactant availability within the porous media, a higher concentration is recommended. 

Additionally, previous studies have also reported the positive experiences of using 0.5 wt% 

AOS for CO2 foam stabilization under elevated temperature and pressure reservoir 

conditions, similar to those considered in this study [166, 170]. For these reasons, 0.5 wt% 

was selected as the optimal concentration for the AOS surfactant and used in subsequent 

experiments.  

The stability of SiO2 nanoparticles in brine was the primary criterion for their use in 

subsequent foam flooding experiments in porous media. An unstable nanoparticle 
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suspension can result in nanoparticle precipitation, which may block fluid flow paths and 

cause injectivity issues. As shown in Table 4-2, nanoparticle precipitation was observed at 

concentrations above 0.05 wt%. Therefore, a foaming solution containing 0.05 wt% SiO2 

was selected for the subsequent foam flooding experiments using a core to ensure 

nanoparticle stability and minimize the risk of flow impairment.  

It is important to note that the bulk foam tests are typically performed for screening 

foaming agents. However, the formation, stability, and behavior of foam in porous media 

cannot be assessed through bulk foam tests, as the physics behind foam performance at bulk 

and pore scale is different [18]. For this reason, the findings from the bulk foam tests are not 

directly applicable to foam generated by surfactants and/or nanoparticles in porous media, 

whether in foam scans or CO2-foam flooding for enhancing oil recovery, as discussed in the 

upcoming chapters. Nevertheless, the bulk foam tests demonstrated the effectiveness of the 

nanoparticle-surfactant combination in improving foam stability.  

4.4 Foam Dynamic Experiments  

The foam behavior was evaluated in brine-saturated core plugs to determine foam 

strength at various gas fractional flows (foam quality scans) and injection rates. This was 

done prior to conducting experiments with oil-saturated core plugs to study the oil recovery 

efficiency of CO2 foam. The results from the foam flow tests in this chapter serve as input 

parameters for the simulation model.  

Pressure drop across the core and the apparent viscosity of foam generated by co-

injection of the foaming solution and CO2 were used to evaluate foam strength in porous 

media. The apparent viscosity of the foam was calculated using Darcy’s law: 

 

                            μapp(cP) =
k(mD)∗A(cm2)∗∆P(psig)

14700∗Qt(
cc

s
)∗L(cm)

                                         (4.1) 

 

where µapp is the apparent viscosity of foam, k is the effective permeability to gas, A is the 

sectional area of the core, ∆p is the pressure drop across the core, QT is the total flow rate of 

gas and surfactant solution, and L is the core length.  
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4.4.1 Foam Quality Scan 

The purpose of this experiment is to study the foam strength at various gas fractions 

to determine the optimum ratio. Co-injection of CO2 and surfactant was performed in the 

Ind01 core with a permeability of 120 mD, gradually increasing the gas fraction from 0.4 to 

0.9. The pressure drop across the core was continuously measured during the foam injection. 

The steady-state pressure drop at each specific gas fraction was used as an indicator to adjust 

the gas fraction. The experiment was conducted at 40℃ and 1500 psi. 

Figure 4-12 shows the foam’s apparent viscosity and steady-state pressure drop at 

different gas fractions. As seen in the figure, the apparent viscosity of the foam initially 

increased with the gas fractional flow until it reached a maximum point, after which it 

declined as the foam was enriched with CO2. The highest apparent viscosity, 50 cp, was 

obtained at fg = 0.7, which was selected as the optimum gas fraction for further experiments.  

  

 

 

 

 

 

 

 

 

 

 

Figure 4-12. Pressure drop and apparent viscosity at 40℃ and 1500 psi. 

 

From the Figure 4-12, it can be observed that the apparent viscosity at fg =0.7 

represents a transition point, which divides the foam quality regime into two distinct areas. 

The region on the left corresponds to the low-foam quality regime, while the high-foam 

quality regime is on the right. Similar observations have been reported by previous studies 

[171, 172].  
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In the low-foam quality regime, the dominant mechanism resisting gas flow is foam 

bubbles trapped in intermediate-sized pores, while the remaining gas flows through the 

largest pores [78]. Typically, the ability of foam to resist flow is determined by the amount 

of lamellae per unit of capillary length, referred to as lamellae density. Foam resistance to 

flow becomes stronger as lamellae density increases. As the gas fractional flow rises, the 

quantity of lamellae per capillary length increases, resulting in higher flow resistance. 

However, under this condition, capillary pressure increases too, and when it reaches a 

limiting pressure value, the lamellae become unstable and begin to collapse, leading to a 

reduction in lamellae density [85]. Moreover, in the high-quality regime, the reduction in 

liquid fraction leads to lower lamellae density and bubble enlargement [173]. As a result, 

increasing the gas fraction beyond the transition point generates weaker foam and reduces 

its flow resistance ability.  

 

4.4.2 Flow Rate Tests 

Foam propagation in porous media occurs only when injection pressure exceeds the 

minimum pressure gradient required to mobilize foam. This experiment examined the effect 

of foam injection rate on foam behavior in porous media. Ind02 core with a permeability of 

66 md was used for this experiment. The co-injection of CO2 and 0.5 wt% AOS solution was 

performed at a constant gas fractional flow of 70%, which resulted in the best foam 

characteristics during the foam quality scan test. The experiment was conducted at 80℃ and 

1500 psi. 

Figures 4-13a and 4-13b depict the variation of differential pressure across the core 

and the apparent viscosity of foam as the injection rate increases. The results demonstrate 

that co-injecting CO2 and the foaming solution at a total injection rate of 0.25 cc/min resulted 

in a pressure drop of 8 psi and an apparent viscosity of 3 cp, indicating the generation of 

weak foam. When the flow rate increased from 0.25 cc/min to 0.5 cc/min, the apparent 

viscosity increased to 5 cp, while the pressure drop reached 14 psi. As the injection rate was 

further increased from 0.5 cc/min to 2 cc/min, the pressure gradient gradually rose from 14 

psi to 95 psi, while the foam’s apparent viscosity almost doubled, from 5 cp to 15 cp.  
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a)                                                                         b) 

Figure 4-13. Pressure drop and apparent viscosity for Ind02 at 80℃ and 1500 psi. 

  

Overall, these figures indicate that foam exhibited shear-thickening behavior. This 

suggests that the apparent viscosity of foam is higher near the wellbore due to the high flow 

velocity than deeper within the reservoir. Similar observations have been reported by other 

researchers [116-117].  

 

4.4.3 Foam Flooding in the Absence of Oil 

The brine-saturated Ind03 core with a permeability of 100 mD was used for a foam 

flooding experiment conducted at 80⁰C and 1500 psi, representing reservoir conditions. To 

minimize surfactant loss due to adsorption onto the rock surfaces, one pore volume of 

surfactant solution was injected into the core as a pre-flush. During surfactant injection, the 

pressure drop across the core was approximately 3 psi. In subsequent steps, CO2 and a 0.5 

wt% AOS solution were co-injected into the core at a constant total injection rate of 1 cc/min, 

with gas fractional flow maintained at 70%.  
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 Figure 4-14 illustrates the change of pressure drop during foam flooding. It is seen 

that the pressure profile during foam flooding can be divided into three distinct periods. 

During the first period (0-1 PV), the injected gas and the foaming solution mixed, causing a 

slight increase in pressure. During the second period (1-2PV), foam generation occurred; 

therefore, pressure rose gradually until it stabilized at 60 psi with an apparent viscosity of 

20 cp. In the third period, further foam flooding helped maintain pressure at a steady state, 

indicating stable foam generation. Overall, the experiment demonstrated a strong foam 

generation in porous media under reservoir conditions, which effectively reduced CO2 

mobility. 

Figure 4-14. Average pressure drop across Ind03 core during the co-injection CO2 and 0.5 

wt% AOS solution at 80⁰C and 1500 psi. 

 

Before the next experiment, the core was cleaned by injecting 20 PVs of brine and 5 

PVs of isopropanol. During this process, the pore pressure was released several times to 

remove any trapped gas within the pores. Following this, several PVs of brine were injected 

into the core to measure the pressure drop and calculate the absolute permeability. If the core 

permeability deviated significantly from its original value, an additional 10 PVs of brine 

were flushed through the core. 

The second foam flooding experiment was conducted at 40°C and 1500 psi to 

evaluate foam generation and stability in porous media at a lower temperature. Under these 
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conditions, CO2 remained in the supercritical state, similar to the previous high-temperature 

experiment.  

 Figure 4-15 illustrates the pressure drop and apparent viscosity buildup profile 

during foam flooding. Compared to the high-temperature experiment at 80°C, the lower 

temperature resulted in stronger foam generation, as shown in the figure. Similar to the 

previous experiment, the pressure drop gradually increased due to foam generation in porous 

media and reached approximately 100 psi with the apparent viscosity of 30 cp after 6 PVs 

of foam injection. Following this, the pressure remained relatively stable until the end of the 

foam flooding. Overall, stronger foam was generated at a lower temperature compared to 

the high-temperature conditions, similar to the results observed during the bulk foaming 

tests.  

 

Figure 4-15. Average pressure drop across Ind03 core during the co-injection CO2 and 0.5 

wt% AOS solution at 40⁰C and 1500 psi. 

 

After cleaning following the same procedure as in the previous experiment, the core 

sample was used again in the subsequent experiment, where CO2 and brine were co-injected 

under the same reservoir conditions of 1500 psi and 40°C. The objective of this experiment 

was to evaluate the effectiveness of the co-injection of CO2 and brine without surfactant for 

mobility control and compare it with foam injection. As in previous experiments, the total 

injection rate was maintained at 1 cc/min, with a constant gas fractional flow of 70%. Figure 
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4-16 presents the differential pressure profile during this experiment. The pressure drop 

across the core during the co-injection of CO2 and brine without surfactant fluctuated 

between 5 and 15 psi, which was significantly lower than that observed during foam 

injection. These results demonstrate that the co-injection of CO2 and brine was less effective 

in reducing CO2 mobility compared to foam injection under the same injection and reservoir 

conditions. 

Figure 4-16. Average pressure drop across Ind03 core during the co-injection CO2 and 

brine (without foaming agent) at 40⁰C and 1500 psi. 

 

4.4.4 Effect of Surfactant Concentration on foam in Porous Media 

Understanding the influence of surfactant concentration on foam stability is a crucial 

step in a foam flooding project. Therefore, a series of foam flooding experiments were 

conducted to assess the effect of AOS concentration on CO2 foam stability under reservoir 

conditions of 1500 psi and 80⁰C. The Ind04 core with a permeability of 70 mD was used for 

this study, which was cleaned after each experiment following the same procedure described 

in the previous section to restore permeability. Four foaming solutions were prepared with 

AOS concentrations of 0%, 0.25%, 0.5%, and 1%. The co-injection of CO2 and the foaming 

solution was performed at a constant total rate of 1 cc/min and a gas fractional flow of 70%.  

Figure 4-17 illustrates the variation in pressure drop across the core for different 

surfactant concentrations. As shown in the figure, the pressure drop during CO2 foam 
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injection without surfactant was approximately 8-9 psi, demonstrating its low efficiency in 

controlling CO2 mobility.  

During the injection of foaming solution with 0.25 wt% of AOS, the differential 

pressure gradually increased and reached its maximum of 28 psi after 2 PV of injection. 

However, as CO2 foam injection continued, the pressure slowly declined and stabilized 

around 22 psi by the end of this process. The co-injection of CO2 and 0.5 wt% AOS solution, 

initially, resulted in a lower pressure drop compared to the 0.25 wt% solution. However, the 

pressure rose steadily and finally stabilized at 30 psi, outperforming the 0.25 wt% solution 

in terms of pressure drop. Similar foam behavior was observed during the co-injection of 

CO2 and a 1 wt% AOS solution. However, the  final pressure drop during this experiment 

was 40 psi, which was higher than in previous tests. Overall, the results demonstrate that 

foam strength increases with surfactant concentration. This can be attributed to the higher 

blocking capability of foam at higher concentrations.  

Figure 4-17. Average pressure drop across Ind04 during the co-injection of CO2 and 

foaming solution at various concentration of AOS, 80⁰C and 1500psi. 

 

4.4.5 The Effect of Nanoparticles on foam in Porous Media 

The series of foam flooding experiments was conducted to investigate the influence 

of nanoparticles on the behavior of surfactant-stabilized CO2 foam. In this experiment, the 

Ind05 core with a permeability of 103 md was used, which possessed the same rock 
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properties as the core used in the previous foam flooding experiment with surfactant alone. 

Similar to the previous experiment, the reservoir pressure was maintained at 1500 psi, and 

temperature was kept at a constant 80°C throughout the experiment. CO2 and the foaming 

solution, containing 0.5 wt% AOS and 0.05 wt% SiO2, were co-injected at a constant total 

injection rate of 1 cc/min with a gas fractional flow of 70%.  

As shown in Figure 4-18, the pressure drop during foam flooding with a surfactant-

nanoparticle mixture exhibited a similar trend in the first period (from 0 to 1 PV) as the case 

with surfactant alone. However, a slightly longer time was required for the pressure to 

stabilize in the presence of nanoparticles. The steady-state pressure drop for the hybrid 

method was significantly higher compared to the surfactant-only case. Specifically, the 

steady-state pressure drop with nanoparticles was around 100 psi, while it was 

approximately 60 psi without nanoparticles. 

Figure 4-18. Pressure drop during the co-injection of CO2 and surfactant solution with and 

without nanoparticles, 80℃ and 1500 psi. 

Figure 4-19 illustrates the change in apparent viscosity during both foam flooding 

experiments. The apparent viscosity of the foam with the nanoparticles-surfactant mixture 

was 30 cp, nearly twice that of surfactant-stabilized foam, which had a viscosity of 20 cp. 

These results highlight the ability of nanoparticles to improve the strength and stability of 

surfactant-stabilized CO2 foam in porous media.  
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Figure 4-19 . Apparent viscosity during the co-injection of CO2 and surfactant solution 

with and without nanoparticles, 80℃ and 1500 psi. 

4.4.6 CO2 Mobility Control Using Foam at Low Temperature 

Two foam flooding experiments were conducted at 40°C and 1500 psi to compare 

the ability of surfactant or surfactant-nanoparticle stabilized foam in the reduction of CO2 

mobility in porous media. In the first experiment, 0.5 wt% AOS was used, while the second 

experiment employed the mixture of 0.5 wt% AOS and 0.05 wt% SiO₂. 

Figure 4-20 illustrates the pressure drop and viscosity profiles for the surfactant-only 

case during foam flooding experiments in the absence of oil through Ind06 core with a 

permeability of 104 md. As shown in the figure, 1 PV of 0.5 wt% AOS solution was pre-

flushed to reduce the surfactant loss due to adsorption on the mineral surfaces. During the 

pre-flush, the pressure drop was around 4 psi. Then, the co-injection of CO2 and AOS 

solution was conducted at a constant total rate of 1 cc/min with 70% foam quality. During 

the foam flooding, the pressure drop increased gradually as foam formed inside the pores 

and stabilized at 80 psi after 5 PV of injection. The maximum apparent viscosity in this 

process reached 26 cp. Foam production was observed at the outlet of the production line, 

as shown in the inset picture. This confirms the successful formation and movement of foam 

within the core. In the subsequent step, CO2 flooding was carried out, resulting in a marked 
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reduction of pressure drop to 4 psi during 2 PV of injection due to the lower viscosity and 

density of CO2 compared to foam. These results demonstrate the short lifetime of foam in 

porous media after ceasing surfactant injection. 

Figure 4-20. Pressure drop and apparent viscosity during the co-injection of CO2 and 

0.5wt% AOS surfactant solution, 40℃ and 1500 psi. 

In the subsequent experiment with nanoparticles, Ind07 core with a permeability of 

200 md was used. First, 1 PV of the foaming solution was pre-flushed to reduce surfactant 

loss due to adsorption, as shown in Figure 4-21. The pressure drop during the pre-flush was 

approximately 5 psi. Afterward, CO2 and the foaming solution were co-injected following 

the same injection procedure as in the previous experiment. Compared to the surfactant-only 

foam experiment, the rate of pressure increase was higher in the presence of nanoparticles, 

indicating the generation of stronger foam within the pores, After 7 PV of foam injection, 

the pressure drop reached approximately 140 psi, nearly twice the steady-state pressure 

observed in the surfactant-only case. Similarly, the maximum apparent viscosity for the 

mixture reached 80 cp at this point, doubling the viscosity of foam stabilized with surfactant 

alone.  

However, the pressure gradient began to decrease as CO2 injection started, 

dropping to 10 psi after 3 PV of injection. During the CO2 flooding, the pressure decreased 

at a slower rate compared to the surfactant-only case, demonstrating that the foam formed 
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in the presence of nanoparticles was more stable. As a result, the remaining foam was more 

effective at controlling CO2 mobility. 

Figure 4-21. Pressure drop and apparent viscosity during the co-injection of CO2 and the 

mixture of surfactant and nanoparticles solution (0.5wt% AOS+0.05wt% SiO2), 40℃ and 

1500 psi. 

A comparison of the two experiments revealed that the presence of nanoparticles 

resulted in a stronger and more stable foam generation in porous media compared to its 

absence. The foam viscosity doubled when the mixture was injected, compared to the 

surfactant-only case. The nanoparticles strengthened the thin liquid film, reducing the liquid 

drainage rate and thereby enhancing the stability of the produced foam. Thus, foam exhibited 

longer stability in the presence of nanoparticles compared to its absence when the foam 

injection was ceased, more efficiently reducing CO2 mobility. 

A comparison of Figures 4-19 and 4-21 reveals that at 40 ℃, the foam produced 

using the hybrid method exhibited a significantly higher apparent viscosity than at 80 ℃. At 

the lower temperature, the maximum apparent viscosity reached 60 cp, whereas at the higher 

temperature, it was only 30 cp. 

 

4.4.7 Dual-core Experiments 

Two foam flooding experiments using a dual-core holder system with parallel cores 

of varying permeabilities were conducted to assess the flow diversion performance of CO2 
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foam. In the first experiment, a 0.5 wt% AOS surfactant was used as a foaming agent, while 

the second experiment utilized a mixture of 0.5 wt% AOS and 0.05 wt% of SiO₂. Both 

experiments were carried out at 25°C and 500 psi, conditions under which CO2 exists in the 

gas phase. The measured pressure drop across both core samples and the diversion ratio were 

used to characterize the flow diversion performance of the foam. The diversion ratio was 

calculated by dividing the effluent fluid volume produced from high- and low-permeability 

cores by the total production volume. The diversion ratio is expressed as the percentage in 

this study. Additionally, the permeability ratio (Vk) was used to quantify the level of 

heterogeneity. This ratio was defined as the ratio of high permeability to low permeability. 

In this experiment, primary water injection at a constant rate of 1 cc/min was first 

performed, followed by CO2 foam injection stabilized either by surfactant or the surfactant-

nanoparticle mixture. The co-injection of CO2 and foaming solution was conducted at a 

constant total injection rate of 1 cc/min, with a gas fractional flow of 70%. Subsequently, 

post-water injection was performed to assess the foam-blocking capacity in a heterogeneous 

environment. 

Figure 4-22 shows the change in diversion ratio and pressure gradient throughout the 

parallel-core experiment for the surfactant-only case. The permeability ratio for this 

experiment was approximately 2, indicating relatively weak heterogeneity. As a result, the 

primary water injection showed good brine displacement in both high- and low-permeability 

cores. Approximately 65% of brine production came from the high-permeability core, which 

was significantly higher than the production volume from the low-permeability core. The 

average steady-state pressure drop during the primary water injection was approximately 3 

psi. 

When co-injection of CO2 and a 0.5 wt% AOS solution began, the diversion ratio for 

the low permeability core significantly increased, while fluid production from the high-

permeability core decreased. This result demonstrates the good diverting capability of 

surfactant-stabilized CO2 foam under this degree of heterogeneity. The pressure gradient 

increased slightly when CO2 foam injection was initiated, but it remained relatively stable 

during the next 2 PV of injection, indicating the effective mixing of CO2 and the foaming 

agent in cores. Afterward, the pressure gradient gradually rose from 2 psi to 30 psi until the 

end of co-injection, demonstrating the foam generation within porous media.  
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However, the diversion ratio for the low permeability core dropped from 80% to 35% 

after 4 PV of co-injection, while the opposite occurred in the high permeability core. 

Following this, the diversion ratio for both cores fluctuated between 40-60% as CO2 foam 

continued to inject. This behavior can be attributed to the inability of foam to enter small 

pores in the low permeability cores due to high capillary pressure. Additionally, foam 

generated in both core samples blocked some flow paths, resulting in similar resistance 

pressures, thus allowing fluid to flow through both cores.  

Figure 4-22. Dual core experiment with surfactant-stabilized CO2 foam (0.5wt% AOS) at 

25℃ and 500 psi, permeability ratio Vk=2. 

During the post-water injection, the division ratio for the high permeability core 

increased markedly from 50 to 70%, while production volume from the low permeability 

core dropped substantially. Furthermore, the pressure gradient decreased significantly from 

40 psi to 7 psi as 2 PV of brine was injected into the cores. These results indicate that foam 

could survive, at least in a weakened form, and slightly reduce water flow during several 

pore volumes of injection. Overall, this experiment demonstrates the effective flow-

controlling ability of surfactant-stabilized CO2 foam at this level of heterogeneity. CO2 foam 

was able to effectively block flow in the high permeability core and divert fluid to the low 

permeability core. 
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Figure 4-23 illustrates the variation in pressure and division ratio during a parallel 

core foam flooding experiment using a mixture of surfactant and nanoparticles. The 

permeability contrast in this experiment was around 8, which was notably higher than in 

the previous experiment, indicating medium heterogeneity. During primary water 

injection, the diversion ratio for the high-permeability core was nearly 100% because of 

the high level of heterogeneity. As a result, the fluid production from the low permeability 

was almost zero. The pressure drop during the water injection remained stable at around 2 

psi. 

Once surfactant-nanoparticles stabilized CO2 foam was initiated, the division ratio 

for the low permeability core gradually increased, while the opposite changes were observed 

for the high permeability core. After 3 PV of CO2 foam injection, the division ratio for the 

low permeability core reached 50% and continued to rise, reaching 80% by the end of the 

CO2 foam flooding. Conversely, the division ratio in the high permeability core decreased 

due to a barrier formed in pores by the injected CO2 foam.  

 

Figure 4-23. Dual core experiment with surfactant-nanoparticle-stabilized CO2 foam 

(0.5wt% AOS+0.05wt% SiO2) at 25℃ and 500 psi, permeability ratio Vk=8. 
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The pressure drop showed a gradual increase during the first 8 PV of CO2 foam 

flooding, indicating foam generation in the core. This was followed by a rapid increase, 

indicating foam generation in small pores required higher entry pressure. The pressure 

reached around 250 psi by the end of CO2 foam flooding and continued to rise during the 

subsequent water injection, peaking at 350 psi. However, by the end of the post-water 

injection, the division ratio in the low permeability core had rapidly decreased to 10%, while 

it increased to 90% in the high permeability core. Meanwhile, the pressure gradient 

significantly decreased to 50 psi after 2 PV of water injection. 

As shown in the Figures 4-22 and 4-23, the maximum pressure drop for the mixture 

reached 350 psi, while using surfactant alone resulted in a significantly lower pressure drop 

of 40 psi.  Surfactant-stabilized foam experiments were conducted using core samples with 

permeabilities of 28 md and 65md, while core samples with permeabilities of 87 md and 11 

md were utilized in the presence of nanoparticles. The permeability contrast between the 

lower-permeability core samples used in these experiments is approximately 3, while the 

observed ratio of pressure drop during the foam flooding is about 9. Given that all other 

parameters were the same, this difference indicates that the mixture produced stronger foam, 

resulting in a significantly higher pressure drop compared to surfactant only experiment. 

These findings reinforce the previous conclusions, emphasizing the benefits of nanoparticles 

in enhancing the properties of surfactant-stabilized CO2 foam.  

 

4.5 Oil Recovery Experiments 

A series of oil recovery experiments were conducted to evaluate the recovery 

efficiency of foam flooding stabilized either with surfactant or with a mixture of surfactant 

and nanoparticles. In all experiments, waterflooding was performed first to achieve two-

phase saturation of brine and residual oil in the core. The waterflooding began at an injection 

rate of 0.5 cc/min until no more was produced. The injection rate was then increased to 2 

cc/min to overcome the capillary end effect and further reduced oil saturation. Afterward, 

CO2 flooding was initiated at 1 cc/min, followed by CO2 foam flooding as a tertiary EOR 

method. Co-injection of CO2 and the foaming solution was performed at a constant total 

injection rate of 1 cc/min, with a gas fractional flow at 70% throughout all experiments. 
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Two sets of oil recovery experiments were conducted to investigate the ability of 

CO2 foam to enhance oil recovery. One experiment used a 0.5 wt% AOS solution, while a 

mixture of 0.5 wt% AOS and 0.05 wt% SiO2 was used for the second experiment. Both 

experiments were carried out under high and low temperature conditions to compare the 

impact of temperature on foam performance. The properties of the core samples and 

experimental conditions are given in Table 4-4.  

 

Table 4-4. Core and experimental conditions for oil recovery experiments. 

Core Porosity, % Permeability, mD 
Experimental 

Conditions 
Injection fluid 

Ind12 18.8 45 1500 psi/80⁰C 0.5% AOS solution 

Ind13 18.9 39 1500 psi/80⁰C 
0.5% AOS + 0.05% 

SiO2 solution 

Ind14 19.5 63 1500 psi/40⁰C 0.5% AOS solution 

Ind15 19.5 45 1500 psi/40⁰C 
0.5% AOS + 0.05% 

SiO2 solution 

Ind16 20.1 175 500 psi/40⁰C 0.5% AOS solution 

Ind17 19.5 630 500 psi/40⁰C 0.5% AOS solution 

  

4.5.1 Oil Recovery Experiment at Elevated Temperature  

Oil recovery and pressure drop for surfactant-stabilized CO2 foam flooding were 

measured throughout the experiment, as shown in Figure 4-24. The oil recovery was 

calculated based on the produced oil volume and mass balance. The initial oil saturation in 

the Ind12 core was 0.62. Water breakthrough was observed at 0.37 PV, with an oil recovery 

factor of 27% OOIP at that point. The relatively early water breakthrough may have been 

caused by the discrepancy between the viscosities of the injected brine and oil, leading to an 

unfavorable viscosity ratio of 6. As a result, the water displacement front was unstable, and 

the injected brine bypassed some areas inside the homogeneous core, leaving behind trapped 

oil. Waterflooding at an injection rate of 0.5 cc/min recovered 49.3% of the OOIP, reducing 
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the oil saturation to 0.31. The pressure drop during this stage stabilized at around 8 psi. 

Increasing the brine injection rate to 2 cc/min resulted in an additional 10% of oil recovery, 

with a steady-state pressure at 22 psi. In total, 5 PV of brine were flooded into the core, 

recovering 58.4% of OOIP.  

Following waterflooding, CO2 flooding was conducted at a constant injection rate of 

1 cc/min. CO2 flooding recovered an additional 8% of OOIP after 2.5 PV of injection, 

reducing oil saturation to 0.21%. The pressure drop during CO2 injection stabilized at around 

2–3 psi.  

In the subsequent step, the surfactant-stabilized CO2 foam flooding gave an 

additional 8.9% of OOIP recovery after 3 PV of injection. The total oil recovery reached 

75.3% of OOIP, with a final residual oil saturation of 0.15 During foam flooding, pressure 

drop gradually increased up to 12 psi before declining to 8.3 psi due to the reduction of oil 

saturation. Notably, no foam was observed in the production tube after the BPR during CO2 

foam flooding, indicating weak foam generation in the presence of oil inside the porous 

media. 

Figure 4-24. Oil recovery with surfactant-stabilized CO2 foam (0.5wt% AOS) at 80⁰C, 

1500 psi. 

 

The second experiment, as illustrated in Figure 4-25, involved the mixture of 

surfactant and NPs. The initial oil saturation in the Ind13 core was 0.59. The same injection 

procedures as in the previous experiment were followed in this run. Waterflooding recovered 
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approximately 61% of OOIP, with a steady-state pressure at 35 psi. As in the first 

experiment, at least 5 PV of brine was injected into the core until no oil production was 

observed to diminish the capillary end effects that might exist.  

 The oil recovery following CO2 flooding was about 9.5% of the OOIP, reducing oil 

saturation to 0.17. Subsequent surfactant-nanoparticle-stabilized CO2 foam flooding was 

able to produce an additional 12.1% of OOIP, even in the presence of oil. In total, the oil 

recovery following CO2 foam flooding in the second experiment was around 82.8% of the 

OOIP. The pressure gradient during CO2 foam flooding decreased and stabilized at around 

20 psi.  

Figure 4-25. Oil recovery with surfactant-nanoparticle-stabilized CO2 foam (0.5wt% 

AOS+0.05wt% SiO2) at 80⁰C and 1500 psi. 

Oil recovery results and oil saturation prior to each injection schemes under high 

temperature conditions are presented in Figure 4-26. The oil recovery by CO2 foam flooding 

in the presence of nanoparticles was approximately 3.2% higher compared to the experiment 

with surfactant alone. Additionally, the average pressure drop during CO2 foam flooding 

with the nanoparticle mixture was 10 psi higher compared to the run with surfactant only. 

These results demonstrate the ability of nanoparticles to stabilize foam, further reducing CO2 

mobility and improving gas sweep efficiency, ultimately leading to greater oil recovery.  

 



99 
 

 

 

 

 

 

 

 

 

 

 

Figure 4-26. Oil recovery in the absence and presence of nanoparticles at 80⁰C and 1500 

psi.  

4.5.2 Oil Recovery Experiment at Low-Temperature  

Two oil recovery experiments were conducted at a low temperature of 40⁰C, while 

the pressure was maintained at 1500 psi, consistent with the previous experiment. These 

experiments aimed to assess the ability of CO2 foam to recover oil in the presence and 

absence of nanoparticles at low temperatures. Similar to the previous experiments, a 0.5 wt% 

AOS solution was used for the first experiment, while the second experiment was carried 

out using a mixture of 0.5% AOS and 0.05% SiO2. Initial oil saturation in Ind14 core was 

0.57. 

In the surfactant-only experiment, waterflooding recovered about 48.9% of the OOIP 

as shown in Figure 4-27, reducing oil saturation to 0.28. As in the previous experiments, at 

least 5 PV of brine was injected to diminish the capillary end effect and ensure no further oil 

production during this process. CO2 flooding recovered about 6.1% of OOIP with the steady-

state pressure at 5 psi. Co-injection of CO2 and surfactant solution produced about 14.2% of 

OOIP, reducing oil saturation to 0.16. During the surfactant-stabilized CO2 foam flooding, 

the pressure gradient gradually increased and reached approximately 65 psi after 6 PV 

injections. The average pressure drop at low temperatures was significantly higher than at 

the high-temperature experiment at 80⁰C. This suggests that high temperature has an adverse 

effect on foam stability in porous media, proving the results of bulk tests. 
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Figure 4-27. Oil recovery with surfactant-stabilized CO2 foam (0.5wt% AOS) at 40⁰C, 

1500 psi. 

In the subsequent experiment, as shown in Figure 4-28, a mixture of surfactant and 

nanoparticles was used. The same injection procedure as in the previous experiment was 

employed for this run. The initial oil saturation in the Ind15 core was 0.62. After 2 PV of 

brine injection at 0.5 cc/min, the oil recovery factor was 49% of the OOIP. However, only a 

minor amount of additional oil was produced when the injection rate was increased to 2 

cc/min. The total oil recovery following extensive waterflooding was 49.5% of the OOIP, 

reducing oil saturation to 0.3. 

Following this, CO2 flooding recovered an additional 11.3% of the OOIP, with a 

steady-state pressure drop stabilizing around 6 psi. The oil recovery following the co-

injection of CO2 and the surfactant nanoparticles was around 19.7% of the OOIP, reducing 

the oil saturation to 0.12. The total oil recovery following CO2 foam flooding was 80.5%. 

Additionally, the pressure gradient gradually rose throughout the foam flooding and reached 

about 190 psi after 6 PV of injection. As observed in the previous experiment, CO2 foam 

flooding at low temperatures in the presence of nanoparticles resulted in a significantly 

higher pressure gradient compared to the high-temperature experiment. Furthermore, the 

average pressure drop for the mixture was higher than that for surfactant only, indicating the 

ability of nanoparticles to generate stronger and more stable foam. 
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Figure 4-28. Oil recovery with surfactant-nanoparticle-stabilized CO2 foam 

(0.5wt%AOS+0.05wt% SiO2) at 40⁰C and 1500 psi. 

A comparison of the two oil recovery experiments and oil saturation changes at low 

temperature are presented in Figure 4-29. Similar to the high-temperature experiments, CO2 

foam stabilized by the mixture recovered 5.1% more oil compared to the surfactant-only 

case. These results demonstrate that the presence of nanoparticles leads to stronger and more 

stable foam generation, resulting in higher oil recovery and a greater pressure gradient.  

 

 

 

 

 

 

 

 

 

  

 

Figure 4-29. Oil recovery in the absence and presence of nanoparticles at 40⁰C and 1500 

psi. 
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Total oil recovery was higher at high temperature compared to low temperature 

condition as the increase in temperature led to a reduction in oil viscosity. As shown in 

Figure 3-3, oil viscosity decreased from 20 cp to 5 cp when temperature rose from 40℃ to 

80℃, reducing the viscosity ratio between injected water and oil. This resulted in improved 

sweep efficiency. Consequently, oil recovery followed by waterflooding was around 60% of 

OOIP at high temperature, compared to 50% OOIP at low temperature. Additionally, the 

reduction in oil viscosity at high temperature slightly increased oil recovery during CO2 

flooding due to more favorable mobility conditions. 

However, CO2 foam stabilized with either surfactant or surfactant-nanoparticles 

exhibited better oil recovery efficiency at low temperatures than at high temperatures. This 

can be attributed to the lower foamability and stability of CO2 foam at high temperatures, as 

an increase in temperature accelerates the motion of molecules, causing faster coalescence 

and collapse of foam bubbles. At low temperatures, surfactant-stabilized CO2 foam 

recovered 5.7% and 7.6% more oil in the absence and presence of nanoparticles, 

respectively, compared to high temperature conditions.   

Overall, at both low and high temperatures, the presence of nanoparticles resulted in 

higher oil recovery compared to their absence, demonstrating the ability of nanoparticles to 

enhance and stabilize foam, even in the presence of oil. However, as seen in Figures 4-26 

and 4-29, residual oil saturation before surfactant-stabilized CO2 foam was slightly higher 

than before injection of surfactant-nanoparticle-stabilized CO2 foam, with a difference 

ranging from 0.02 to 0.04. This difference is considered negligible, and its impact on foam 

stability can be ignored. Nonetheless, it is recommended to investigate the oil saturation on 

foam stability in the presence and absence of nanoparticles in future works. 

4.5.3 The Co-injection of CO2 and Brine 

Two sets of core flooding experiments were conducted to evaluate the oil recovery 

performance of CO₂ and brine co-injection, with and without a foam agent, under both high 

and low temperature conditions. The injection scheme in this run was the same as in the 

previous experiment with oil, except that a co-injection of CO2 and brine was conducted 

before CO2 foam flooding stabilized with 0.5 wt% AOS. This sequential injection approach 

allowed for a direct comparison between conventional CO₂/brine co-injection and CO2 foam 
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flooding, providing insights into the impact of foam generation on oil recovery under varying 

thermal conditions. 

First oil recovery experiments was conducted using Ind16 core with an absolute 

permeability of 175 mD at 500 psi, while the temperature was kept at 80⁰C. Under this 

experimental condition CO2 was in the gas phase. The initial oil saturation in this experiment 

was 0.62. The cumulative oil recovery and differential pressure profile are shown in Figure 

4-30. Initially, 2 PV of brine was injected at 0.5 cc/min, which reduced oil saturation to 0.24 

and recovered around 60% of oil. Then the core was flooded with 3 PV of brine at 2 cc/min 

to avoid capillary end effect. During this stage, the volume of oil production was 

insignificant, and total oil recovery following waterflooding was around 63% of the OOIP. 

The pressure drop was around 6 and 16 psi during the first and second stages of 

waterflooding, respectively.  

Figure 4-30. Oil recovery following waterflooding, CO2 flooding, CO2 +brine and foam 

injection, at 80⁰C and 500 psi. 

Following this, gas CO2 flooding at 1cc/min was started. CO2 flooding was able to 

produce approximately 10% of the OOIP and the average pressure drop was about 9 psi. 

Next, the co-injection of CO2 and brine was conducted at 1 cc/min with a fixed gas fractional 

flow of 70%. An additional 8.5% of  the OOIP was produced by co-injection of CO2 and 

brine. The average pressure drop continuously increased until stabilized at around 16 psi at 

the end of the injection stage. This means that the co-injection of brine with CO2 reduced 

gas mobility, improving the displacement efficiency and resulting in incremental oil 
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recovery. Co-injection of CO2 and 0.5wt% AOS surfactant was then started at 1 cc/min rate 

with constant gas fractional flow of 70%. The injection was continued up to 5 PV of injection 

and recovered an additional 6.5% of the OOIP. Initially, the pressure drop was 14.3 psi and 

gradually decreased to 7 psi during foam injection. In-situ generated foam displaced water; 

thus, water saturation decreased and gas saturation increased, which resulted in a pressure 

reduction. Overall, ultimate oil recovery after all stages was 87.5% and the remaining oil 

saturation was 7.5%. 

Second oil recovery experiments was conducted using a 630 mD Ind17 core sample 

at 40℃ and 500 psi. The injection process was conducted following the same injection 

scheme as in the previous test. The cumulative oil recovery and differential pressure profile 

are shown in Figure 4-31. The initial oil saturation was 58.4%. Waterflooding was able to 

recover 46.5% of the OOIP and reduced oil saturation to 31.4%. Overall, 7 PV of brine was 

injected to overcome the capillary end effect, and the pressure drop was 17 psi at 1c/min, 

and doubled at 2 cc/min. 

 Figure 4-31.  Oil recovery following waterflooding, CO2 flooding, CO2 +brine and foam 

injection, at 40⁰C and 500 psi. 

 Following the waterflooding, CO2 was injected at 1cc/min and produced an 

additional 6% of the OOIP. The pressure drop during this stage stabilized at around 2.5 psi. 

The subsequent co-injection of CO2 and brine at 1 cc/min with 70% ratio significantly 

increased pressure difference by 25 psi after 3 PV of injection and another 8% of the OOIP 

was recovered. Then, the co-injection of CO2 and 0.5% AOS solution was initiated, and the 
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pressure drop rose rapidly during this stage, reaching 65 psi at the end of the injection stage. 

7 PV of gas and surfactant solution in total were co-injected, which gave around 7% of the 

OOIP. The ultimate oil recovery reached 67.14%, and the residual oil saturation was 19.5%.   

The experimental studies with oil-saturated cores show that the co-injection of CO2 

and 0.5wt% AOS surfactant enhanced oil recovery by 6–9% despite extensive secondary 

IOR, which indicates the ability of foam to increase even microscopic displacement 

efficiency by mitigating preferential flow paths- and heterogeneity even at the core scale. 

As illustrated in Figures 4-30 and 4-31, the pressure drop observed during the co-

injection of CO₂ and brine at elevated temperature was slightly higher than that recorded 

during CO₂ foam flooding. This indicates that little to no stable foam was generated in the 

porous media because of detrimental effect of oil and elevated temperature. Despite this, the 

co-injection of CO₂ with the surfactant solution resulted in some additional oil recovery, 

likely attributed to the improved mobility control by the co-injection method. However, 

when the temperature was reduced to 40 °C, a notably higher pressure drop was observed 

during surfactant-stabilized CO₂ foam flooding relative to the co-injection without foam. 

Furthermore, the pressure profile for CO₂ foam showed a more rapid increase, suggesting 

more effective foam propagation and resistance to gas flow. 

These findings demonstrate that at lower temperatures, surfactant-stabilized CO₂ 

foam provides better mobility control and oil recovery performance compared to CO₂/brine 

co-injection. The results also highlight the adverse impact of elevated temperature and crude 

oil on foam generation and stability, which compromises the effectiveness of foam-assisted 

gas injection under such conditions. 

 

4.6 Summary 

Anionic surfactant, alpha-olefin sulfonate, and silicon oxide nanoparticles were used 

in this study to improve the stability of CO2 foam under various reservoir conditions. A 

series of bulk tests were conducted to assess the ability of surfactant and nanoparticles to 

stabilize CO2 foam under various temperatures, salinities, and oil presence in bulk fluid. 

Dynamic foam flooding experiments using brine-saturated Indiana limestone cores were 

carried out to evaluate foam generation and propagation in porous media. The oil recovery 

efficiency of surfactant and surfactant-nanoparticle stabilized CO2 foam was examined 
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through several coreflooding experiments at both elevated- and low-temperature conditions. 

A dual-core holder system was used to assess the flow diversion efficiency of CO2 foam 

generated in porous media. Based on the results, the following conclusions can be drawn 

from this study:  

 The variation of AOS surfactant concentration from 0.1% to 1 wt% in brine, 

which mimics the salinity of Caspian seawater, had a minimal effect on foam-half life and 

generated foam volume during bulk tests at ambient conditions. The surfactant-stabilized 

foam demonstrated the same stability as temperature increased from 20℃ to 50℃, however, 

it became significantly less stable with the further increases in temperature to 80℃. 

Increasing oil saturation from 0 to 5% at ambient conditions negatively affected foam 

stability. The addition of 0.05% nanoparticles to the 0.5wt% surfactant solution slightly 

improved foam stability at ambient conditions, however, further increasing nanoparticle 

concentration led to precipitation.  

 A gas fraction of 0.7 generated the strongest foam during the foam quality scan, 

achieving a pressure drop of 100 psi with a 0.5 wt% surfactant concentration at 40°C and 

1500 psi, compared to pressure drop of 5 psi without foaming agents, demonstrating the 

foam’s ability to mitigate CO₂ mobility. The presence of SiO₂ improved surfactant-stabilized 

foam stability, increasing the apparent viscosity from 20 cp to 31 cp under reservoir 

conditions. Both surfactant- and surfactant–nanoparticle-stabilized CO₂ foams exhibited 

higher apparent viscosity as the temperature decreased from 80 °C to 40 °C, underscoring 

the negative impact of elevated temperatures on foam properties in porous media. 

 Dual-core experiments showed that the both surfactant- and surfactant-

nanoparticle stabilized CO2 foam effectively diverted flow from high-permeability areas to 

low-permeability areas in cores with various permeability ratio.  

 Positive entering and bridging coefficients, obtained during IFT measurements, 

suggest that oil will penetrate the lamellae and form a bridge between two liquid interfaces, 

while a positive spreading coefficient indicates that oil spreads on foam bubble surfaces, 

destabilizing the foam. These effects suggest that crude oil reduces foam stability, which is 

consistent with bulk test results. 

 Oil recovery experiments were conducted at 80℃ and 40℃ temperatures. The 

injection sequence for oil recovery included waterflooding, followed by CO2 flooding, and 
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finally CO2 foam flooding as a tertiary method. At elevated temperature, the synergistic 

effect of nanoparticle-surfactant resulted in 12% incremental oil recovery, 3.2% higher than 

surfactant alone. At low temperature, CO2 stabilized by surfactant and nanoparticles 

recovered 19.7% OOIP, while 14.6% oil was achieved with surfactant-stabilized CO2 foam 

flooding. These results highlight the benefits of nanoparticles in stabilizing CO2 foam for 

enhanced oil recovery.  

 The combined effect of elevated temperature and crude oil resulted in weak and 

poorly stable CO₂ foam generation within the porous media. As a result, the mobility control 

efficiency of the surfactant-stabilized CO₂ foam under these conditions was comparable to 

that of CO₂ and brine co-injection without a foaming agent. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



108 
 

CHAPTER 5. Numerical Simulation of CO2 Foam Mobility Control 

 

In reservoir engineering, numerical modeling plays a crucial role by enabling project 

simulations without the need for costly and time-consuming trial and error in real-world 

scenarios [174]. Accurate reservoir modeling is essential for predicting the desired 

production performance of hydrocarbon reservoirs under varying conditions. Simulators are 

an essential component for preparation needed for a successful flooding operation [175]. 

In conjunction with experimental research, numerical modeling can be used to study CO2 

foam. In order to create models that can precisely forecast reservoir performance under 

different operational conditions, numerical modeling integrates mathematics, physics, 

computer programming, and reservoir engineering [176, 177]. This section outlines the 

simulation techniques employed to investigate gas injection and gas foam enhanced oil 

recovery (EOR) methods 

 

5.1 Methodology 

5.1.1 Reservoir Model Parameters 

Prior to foam flooding, the oil recovery efficiencies of various gases, namely 

methane (CH4), CO2, and sour gas, were compared using a 2D reservoir model. Sour gas is 

defined as natural gas containing a significant amount of hydrogen sulfide. In this study, a 

15.9% H2S composition of sour gas produced from an oil reservoir in Kazakhstan was used. 

The sour gas was chosen for our study as sour gas injection has been successfully 

implemented in several large oil fields in Kazakhstan to support reservoir pressure and 

improve oil displacement [178]. Table 5-1 lists the properties of gases used in this study 

under reservoir conditions (1500 pressure and 80℃). 

 

Table 5-1. Viscosity and density of different gases 

Gas type Viscosity, cp Density, g/cm3 

CH4 0.020 0.146 

Sour 0.031 0.267 

CO2 0.051 0.639 
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A 2D homogeneous reservoir model with dimensions of 1040 feet by 20 feet by 100 

feet was constructed to gain a better understanding of the vertical sweep efficiency of various 

gas injections. The reservoir model has 52 x 1 x 20 grid blocks with a permeability of 50 md 

and a porosity of 0.2. The production well's BHP was set at 1500 psi, while the reservoir's 

initial pressure was 1750 psi. The initial oil saturation was 0.2, and the initial reservoir 

temperature was 40℃, which was selected as the highest temperature for stable foam 

flooding based on the experimental study. Both the production and injection wells were 

perforated through every vertical layer with a steady reservoir flow rate.  

To investigate the effect of permeability heterogeneity on gas injection, the study 

employed a 2D heterogeneous reservoir model with a geostatistically generated 

permeability. The heterogeneity permeability field was generated based on the methods 

described by [179]. The horizontal permeability was in the range from 0.003 to 1000 md, 

and the vertical permeability to horizontal permeability was taken as 0.1. Figure 5-1 displays 

the permeability distribution profile on a log scale. The reservoir and well parameters were 

the same as those in the homogeneous model. During gas flooding, the gas was injected into 

the bottom layer, while oil was produced from the upper layer to minimize the effect of 

gravity segregation and improve sweep efficiency during gas flooding. The simulated gas 

flooding was conducted for ten years. The same 2D heterogeneous and homogeneous models 

were used further to study CO2 foam flooding. 

 

 

 

 

 

 

 

Figure 5-1. Heterogeneous permeability field in log scale. 
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3D heterogeneous reservoir model 

A 3D heterogeneous reservoir model was used for comparison between various 

injection methods, namely CO2 flooding, the co-injection of CO2 and brine, and CO2 foam 

flooding. Using the 3D model shown in Figure 5-2 gives opportunities to assess both vertical 

and areal sweep efficiency of EOR methods considered in this study. The reservoir model is 

1200 feet long, 1250 feet wide, and 150 feet thick. The reservoir model measures 24 x 25 x 

15 on the Cartesian grid. The parameters of the reservoir simulation model are as follows: 

the porosity is 0.2, the initial reservoir pressure is 1750 psi, and the temperature is 40⁰C. The 

horizontal permeability is in the range from 0.003 to 300 md, and the vertical permeability 

to horizontal permeability is taken as 0.1. The heterogeneity permeability field was 

generated based on the methods described by [179]. Two injection wells were considered to 

simulate foam flooding: one for gas injection and one for water injection. In the water 

injection well, the surfactant is mixed with water. During the foam flooding, both production 

and injection wells were perforated across all layers. 

 

 

 

 

 

 

 

 

 

 

 

Figure 5-2. 3D heterogeneous reservoir model. 

 

Figure 5-3 displays the oil, gas, and water relative permeability curves utilized in our 

analysis. Table 5-2 lists the main reservoir model parameters as well as the injection and 

production wells operating conditions. 
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Figure 5-3. Relative permeability curves used in this study. 

 

Table 5-2. Input parameters of the base 3D reservoir model. 

Parameter Value 

Number of grid blocks 24×25×15 

Block dimensions (W×L×H) 50ft×50ft×10 ft 

Porosity 0.2 

Reservoir temperature  212 °F 

Initial reservoir pressure  1750 psi 

Initial water saturation 0.12 

Residual oil saturation 0.3 

Minimum producer BHP 1500 psi 

Maximum producer gas rate  3 MMscf/D 

 

5.1.2 STARS Foam Modeling  

To simulate CO2 foam flooding, the STARS simulator developed by Computer 

Modeling Group LTD. was employed. The STARS foam model is widely recognized as the 
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most popular commercial simulator for foam flooding [180, 181]. In this model, the foam 

flow is assumed to be at the local equilibrium condition. In STARS simulator, apparent 

viscosity refers to the effective viscosity of the foam, which is influenced by factors like 

foam quality, water saturation, and shear rate. The simulator uses a local equilibrium (LE) 

foam model where foam behavior is introduced by modifying the gas relative permeability 

[182]. In the presence of foam, the gas relative permeability, 𝑘𝑟𝑔
𝑓

, is determined by 

multiplying a dimensionless interpolation factor (FM) by the gas permeability without foam,  

𝑘𝑟𝑔
𝑛𝑓

, as shown in Equation 5.1:  

                                             𝑘𝑟𝑔
𝑓

= 𝑘𝑟𝑔
𝑛𝑓

∗ 𝐹𝑀                                                        (5.1) 

where 𝑘𝑟𝑔
𝑓

 is the gas permeability during foam injection, 𝑘𝑟𝑔
𝑛𝑓

is the gas permeability 

without foam.  

FM is a weighting factor used to characterize foam strength. FM is equal to 1 in the 

absence of foam, and decreases as foam becomes stronger. FM can be determined by 

Equation 5.2: 

 

                            𝐹𝑀 =
1

1+𝑓𝑚𝑚𝑜𝑏∗𝐹𝑤𝑎𝑡𝑒𝑟∗𝐹𝑠𝑢𝑟𝑓∗𝐹𝑠ℎ𝑒𝑎𝑟∗𝐹𝑜𝑖𝑙∗…..
                            (5.2) 

 

In Equation 5.2, fmmob is the base foam mobility reduction factor without the effects 

of various factors. Different factors affecting fmmob are surfactant concentration, water and 

oil saturation, gas flow rate, and capillary number. These factors are determined by 

Equations 5.3 to Equation 5.4: 

 

                                 𝐹𝑤𝑎𝑡𝑒𝑟 = 0.5 +
arctan [𝑒𝑝𝑑𝑟𝑦(𝑆𝑤−𝑓𝑚𝑑𝑟𝑦)

𝜋
                          (5.3) 

 

                         𝐹𝑠𝑢𝑟𝑓 = {
(

𝐶𝑠𝑤

𝑓𝑚𝑠𝑢𝑟𝑓
)𝑒𝑝𝑠𝑢𝑟𝑓       𝑓𝑜𝑟 𝐶𝑠𝑤 < 𝑓𝑚𝑠𝑢𝑟𝑓

1                               𝑓𝑜𝑟 𝐶𝑠𝑤 ≥ 𝑓𝑚𝑠𝑢𝑟𝑓 
               (5.4) 

 

                                         𝐹𝑠ℎ𝑒𝑎𝑟 = (
𝑓𝑚𝑐𝑎𝑝

𝑁𝑐𝑎
)𝑒𝑝𝑐𝑎𝑝                                               (5.5) 
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                      𝐹𝑜𝑖𝑙 = {

0   𝑓𝑜𝑟 𝑆𝑜 > 𝑓𝑙𝑜𝑖𝑙

(
𝑓𝑚𝑜𝑖𝑙−𝑆𝑜

𝑓𝑚𝑜𝑖𝑙−𝑓𝑙𝑜𝑖𝑙
)𝑒𝑝𝑜𝑖𝑙     𝑓𝑜𝑟 𝑓𝑙𝑜𝑖𝑙 < 𝑆𝑜

1    𝑓𝑜𝑟 𝑆𝑜 < 𝑓𝑙𝑜𝑖𝑙

< 𝑓𝑚𝑜𝑖𝑙           (5.6) 

 

In the Fwater function, Sw is the water saturation in grids, fmdry is the critical water 

saturation, and epdry is the parameter that controls the relative permeability curve's slope 

close to the critical water saturation. In the Fsurf function, Csw is the surfactant concentration 

in grids, fmsurf is the critical surfactant fraction when foam strength begins to deteriorate 

due to a drop in surfactant content, and epsurf is the factor that governs the effects of the 

concentration of surfactant on gas mobility. In the Fshear function, Nca is the capillary number, 

fmcap is the capillary number for the reference foam, and epcap is the parameter that governs 

the effect of the capillary number on FM function. In the Foil function, So is the oil saturation 

in grids, fmoil is the maximum oil saturation when foam totally collapses, floil is the lowest 

oil saturation, below which oil does not have an effect on foam strength, and epoil is the 

parameter that controls the oil saturation contribution in the FM function. In the STARS, 

foam forms quickly anywhere there is simultaneous presence of gas, water, and surfactant. 

The CMG-STARS was used to simulate the CO2 foam flooding using the parameters 

derived from the experimental data of surfactant-stabilized CO2 foam in the core. All of these 

parameters were derived from the two-phase flow (gas/surfactant) foam flooding 

experiments. Using various oil saturation-dependent function parameters, epoil and fmoil, a 

sensitivity analysis was conducted to examine their effect on oil saturation or CO2 saturation.  

 

5.2 Simulation Results  

5.2.1 Effect of Gas Type on Oil Recovery  

Figure 5-4 shows the impact of the different gases on GOR. The findings show that 

CH4 injection led to the earliest gas breakthrough time because of low density and viscosity, 

as shown in Table 5-1. In contrast, the injection of CO2, due to its higher density and 

viscosity, significantly delayed gas breakthrough. The GOR for sour gas injection was 

slightly higher compared to CO2 but lower than during CH4 injection. This can be attributed 

to the presence of H2S in the injected gas, resulting in higher density and viscosity.   
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Figure 5-4. Gas oil ratio for three gas injection scenarios. 

 

 Figure 5-5 compares the oil recovery efficiency of injecting different gases into the 

2D homogenous model. The earliest gas breakthrough of CH4 resulted in the lowest oil 

recovery, while sour gas injection achieved a slightly higher oil recovery because of its better 

oil displacement efficiency and later gas breakthrough. CO2, performs significantly better 

than both CH4 and sour gas, recovering almost 76% OOIP. 

Figure 5-5. Oil recovery of injecting various gases into the 2D homogenous model. 
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Gravity segregations, resulting from the density differential between the injected gas 

and reservoir oil, significantly affect the effectiveness of oil displacement across the 2D 

model's cross-section. Vertical sweep efficiency is reduced because the injected gas tends to 

migrate to the top layer due to its lower density compared to oil. The change in vertical 

sweep efficiency can be quantitatively assessed using the viscous gravitational number (Ngv). 

The following equation can be used to express the viscous gravitational number [183]:  

 

                                              𝑁𝑔𝑣 =
𝑘𝑣𝑘𝑟𝑠∆𝜌𝑔𝑐𝑜𝑠𝛼𝐴𝐿

𝑞𝑠𝜇𝑠ℎ
                                              (5.7) 

where 𝑘𝑣 is the vertical permeability, 𝑘𝑟𝑠 the relative permeability, ∆𝜌 is density difference 

between displacing and displaced phases, A is the cross section area, L is the reservoir 

length, 𝑞𝑠 is the flow rate of the displacing phase, 𝜇𝑠 is the viscosity of displacing phase, g 

is gravity acceleration constant, and ℎ is the reservoir thickness. If 𝑁𝑔𝑣< 0.1, viscous forces 

dominate, if 𝑁𝑔𝑣> 10, gravity dominates, and 0.1 < Ngv < 10 indicates intermediate balance.  

a) CH4 injection                                                b) Sour gas injection 

 

 

 

 

 

 

 

 

 

c) CO2 injection 

 

Figure 5-6. Oil saturation distribution. 
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Table 5-1 shows that the density of CO2 is the highest viscosity and density under 

reservoir conditions. Thus, as Figure 5-6 confirms, gravity segregation should be more 

noticeable in sour gas and CH4 injection. As can be seen, sour gas and CH4 both overrode 

oil and caused early gas breakthrough, whereas CO2 produced almost vertical displacement 

fronts that are advantageous for obtaining greater oil recovery 

 

5.2.2 Effect of Heterogeneity 

Figure 5-7 compares the effects of permeability heterogeneity on the GOR and oil 

recovery performance of CO2 flooding. In a heterogeneous reservoir, CO2 injection led to 

earlier gas breakthrough in high-permeability zones, causing a faster decline in the oil 

production rate compared to a homogeneous reservoir. As a result, CO2 injection into the 

heterogeneous oil reservoir achieved 63% oil recovery, while the homogeneous model 

resulted in 76% oil recovery. 

Figure 5-7. Effect of permeability heterogeneity on oil recovery during CO2 flooding. 

 

The oil saturation distribution after 1 year of CO2 injection into both homogeneous 

and heterogeneous reservoirs is displayed in Figure 5-8. As seen in the figure, in the 

heterogeneous reservoir, the gas front moves more quickly through the high-permeability 

zones in the horizontal direction compared to the homogeneous model. As a result, the 

bottom layers of the heterogeneous reservoir are not adequately swept, leading to a 
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significant reduction in oil recovery. This comparison shows that the permeability 

heterogeneity negatively impacts CO2 EOR under the selected reservoir characteristics, 

emphasizing the need for mobility control techniques, such as foam flooding. 

              a) Homogeneous reservoir                                  b) Heterogeneous reservoir 

Figure 5-8. Gas-oil displacement fronts after one year of CO2 flooding. 

5.2.3 Foam Simulation Input Parameters 

The validation of the foam model against experimental results was not performed in 

this study due to time constraints. Instead, it has been proposed as part of future work, which 

will incorporate validation based on experimental data, mineralogy, reservoir heterogeneity, 

well spacing, and field operating conditions. Nevertheless, the STARS simulation 

parameters presented in this section were derived from foam flooding experimental results. 

In order to estimate the fmmob, epsurf, and fmsurf values—which are subsequently 

used for foam simulation—the foam quality scan data was fitted using the foam dry - out 

function. The continuous curve in Figure 5-9 represents the fitting curve derived from the 

STARS foam model. As shown in the figure, the CO2 foam stabilized by 0.5 wt% AOS 

surfactant exhibited a high apparent viscosity of approximately 50 cp when the gas fractional 

flow was maintained at 70%. The rest of the foam parameters are given in Table 5-3. Fmoil 

and epoil value was selected based on the EOR experiments. 

 

Table 5-3. STARS parameters. 

STARS 

parameters 
fmmob fmsurf fmcap fmoil epsurf epcap epoil 

Fitted 

values 
190 0.00047 1.2E-06 0.5 0.215 0.71 1 
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Figure 5-9. Experimental results for CO2 foam quality scan and fitting with STARS 

model. 

 

5.2.4 2D Reservoir Foam Simulation 

Three distinct injection scenarios were compared using the 2D heterogeneous 

reservoir model, namely CO2 flooding, the co-injection of CO2 and brine, and CO2 foam 

flooding. The total gas and liquid rates at reservoir conditions were kept consistent across 

all three scenarios. In both co-injection cases, in the absence and presence of surfactant, the 

fractional flow of CO2 and liquid at reservoir conditions was maintained at 70%, which was 

determined as the optimal foam quality during the foam flooding experiments. The reservoir 

gas injection rate was 2400 ft3/day, and the water injection rate was 1060 ft3/day. The initial 

reservoir pressure was 1750 psi, and the bottomhole pressure of the production well was 

1500 psi. The reservoir temperature was 40℃, the same as in the previous gas flooding 

simulations. The reservoir models were simulated for 15 years. The oil saturation 

distribution after 5 years of injection and GOR at the production well under surface 

conditions for all three injection scenarios are shown in Figure 5-10 and Figure 5-11, 

respectively.  
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Figure 5-10. Gas-oil ratio for different injection scenarios using a 2D heterogeneous 

model. 

As seen in the figures, in the heterogeneous reservoir, during CO2 flooding, the 

injected gas expanded and became more mobile, causing the front of the injected CO2 gas to 

move faster than in the other two scenarios. This resulted in higher gas saturation in the layer 

and deeper penetration of CO2 into the high-permeability areas. As a result, the injected CO2 

moved more quickly than the viscous reservoir oil, bypassing reservoir areas with low 

permeability. Consequently, gas breakthrough occurred earlier at the production wells, 

leading to a sharp increase in GOR and reduced sweep efficiency.  

In contrast, when CO2 foam flooding was conducted, the displacement front moved 

slower compared to CO2 flooding as foam reduced CO2 mobility and selectively blocked 

high- permeability areas. Therefore, CO2 foam flooding exhibited a uniform displacement 

and higher vertical sweep efficiency than the other injection scenarios. Additionally, CO2 

foam flooding delayed the gas breakthrough through the production well, resulting in a lower 

produced GOR.  

The co-injection of CO2 and brine, in the absence of surfactant, demonstrated better 

sweep efficiency than gas flooding. However, compared to CO2 foam flooding, this method 

left more unswept areas in the upper part of the reservoir. As a result, during the the co-

injection, gas breakthrough occurred slightly earlier than with CO2 foam flooding. These 

results highlight the effectiveness of foam flooding in reducing CO2 mobility, delaying gas 

breakthrough, and improving sweep efficiency. 
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a)                                                                             b) 

 

 

 

 

 

 

c) 

Figure 5-11. Oil saturation distribution after 5 years of a) CO2 flooding b) CO2 foam 

flooding c) the co-injection of CO2 and brine. 

Figure 5-12 compares the oil recovery efficiency of three injection scenarios. As 

shown, the oil recovery curve follows the same trend for all three scenarios before gas 

breakthrough due to the constant liquid production rate. However, after CO2 breakthrough, 

the oil recovery for CO2 flooding increased more slowly compared to the co-injection cases. 

The ultimate oil recovery following CO2 flooding was 42%, while the co-injection of CO2 

and brine achieved 44% oil recovery. This is because the co-injection of CO2 and brine 

reduces gas relative permeability, thereby decreasing CO2 mobility. CO₂ foam flooding 

demonstrated the highest oil recovery, reaching 46%, which is 4% higher than CO₂ flooding 

and 2% higher than the co-injection of CO2 and brine. The higher oil recovery in CO2 foam 

flooding can be attributed to foam’s ability to reduce CO2 mobility and improve sweep 
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efficiency by blocking higher-permeability areas and diverting the injected fluid into lower-

permeability areas. 

Figure 5-12. Comparison the oil recovery efficiency of three injection scenarios. 

 

5.2.5 3D Reservoir Foam Simulation 

In this study, a 3D heterogeneous model was employed to evaluate the oil recovery 

performance of three injection schemes: CO2 flooding, the co-injection of CO2 and brine, 

and CO2 foam flooding. These scenarios were simulated over the 25-year period using the 

CMG STARS reservoir simulator. The well parameters were the same as in the 2D 

simulation. The co-injection of gas and brine, in the absence and presence of surfactant, was 

conducted, keeping a constant gas fractional flow of 70%.  The produced GOR and oil 

production rate are shown in Figures 5-13 and 5-14.  

In the 3D heterogeneous reservoir, CO2 flooding led to earlier gas breakthrough at 

the production well due to the higher mobility of gas compared to the reservoir fluid. As 

illustrated in the figures, GOR during CO2 flooding began to rise after 5 years of production 

and reached around 20000 ft3/day by the end of the 25-year period. The early gas 

breakthrough caused a significant decline in oil production rate compared to other injection 

scenarios.  
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Figure 5-13. Gas oil ratio for three injection scenarios. 

Figure 5-14. Oil rate for three injection scenarios. 

 

As illustrated in the figures, the co-injection of CO2 and brine slightly delayed gas 

breakthrough, and the GOR increased at a significantly slower rate compared to CO2 

flooding. After 25 years of the co-injection of CO2 and brine, the GOR reached 

approximately 5000 ft3/day, demonstrating the ability of the process to control and mitigate 

CO2 mobility. The oil production rate during the co-injection of CO2 and brine exhibited a 

longer plateau period and declined slower compared to CO2 flooding.    

In the third scenario, where CO2 foam flooding was applied, the gas breakthrough 

occurred significantly later compared to the other two injection methods. After the 

breakthrough, the GOR rose slower compared to the co-injection of CO2 and brine process 
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and reached 3851 ft3/day by the end of the 25-year period. The oil production rate during 

CO2 foam flooding exhibited a slower decline rate compared to the other injection scenarios. 

These results indicate that CO2 foam flooding effectively reduced gas relative permeability 

in the heterogeneous reservoir, delaying the gas breakthrough and sustaining a higher oil 

production rate.  

Figure 5-15 compares the oil recovery efficiency of three injection scenarios. In the 

heterogeneous reservoir, oil recovery following CO2 flooding was approximately 43.7%, 

primarily due to early gas breakthrough. The co-injection of CO2 and brine demonstrated a 

slightly higher oil recovery efficiency than CO2 flooding, reaching 47.9%.  

Figure 5-15. The oil recovery for three injection scenarios. 

 

As expected, CO2 foam flooding had a positive effect on oil recovery by mitigating 

CO2 mobility. Oil recovery following CO2 foam flooding reached nearly 50.9%, 

significantly higher than both the co-injection of CO2 and brine, and CO2 flooding. The 

superior oil recovery efficiency of CO2 foam flooding can be attributed to the reduction in 

gas mobility due to foam generation, which delayed gas breakthrough and improved both 

areal and vertical oil sweep efficiency. Overall, these results demonstrate that CO2 foam 

flooding was more effective in oil recovery than CO2 flooding or the co-injection of CO2 

and brine, thanks to reduced gas mobility, resulting in better sweep efficiency.   
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5.2.6 Sensitivity Analysis of Oil Parameters on Foam Performance. 

A series of foam simulations using the same STARS foam parameters, shown in 

Table 5-3, were conducted to assess the impact of fmoil and epoil values on foam 

performance.  

In the first case, epoil was set to 1, while the fmoil value was varied. The fmoil 

represents the limiting oil saturation at which foam completely decays. The aim of this 

simulation was to evaluate the performance of CO2 foam flooding for different crude oils, 

each specified by varying fmoil values. CO2 foam is not sensitive to oil when fmoil value is 

high, whereas it decays rapidly when fmoil values are low.   

 Figure 5-16 illustrates the variation in GOR over 25 years of foam flooding as fmoil 

increased from 0.2 to 0.8. At fmoil = 0.2, the gas breakthrough occurred earlier compared to 

other cases, and GOR values increased rapidly, reaching approximately 5100 ft3/day by the 

end of the foam injection. When fmoil = 0.5, the gas breakthrough time was significantly 

delayed, and GOR was reduced compared to the fmoil = 0.2 case. At fmoil = 0.8, foam 

flooding further reduced GOR and extended the gas breakthrough time to almost 15 years 

compared to the case with a fmoil value of 0.2.  

Figure 5-16. Gas-oil ratio at various fmoil values. 
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Figure 5-17 shows the oil recovery following CO2 foam flooding with different fmoil 

values. For the cases with fmoil = 0.2, the oil recovery achieved through CO2 foam flooding 

was 43%. Setting fmoil to 0.5 increased the oil recovery to 50%, while further increasing 

fmoil to 0.8 recovered 57% of oil.  

Figure 5-17. Oil recovery at various fmoil values. 

 

The simulation results indicate that CO2 foam stabilized by 0.5 wt% AOS performs 

better in terms of mobility control when the oil fraction (fmoil) is higher under reservoir 

conditions. However, if the oil negatively affects the foam, the fmoil value will decrease, 

resulting in poor mobility control performance. 

In the second case, the same STARS foam parameters were again used, however, 

fmoil was set to 0.5 with the changing value of epoil from 1 to 9. The value of epoil shows 

the sharpness of foam decays. The value of epoil depends on the response of CO2 foam on 

contact with crude oils. A higher value of epoil suggests that foam decays faster with 

increasing oil saturation.  

Figure 5-18 shows the GOR of the production well during CO2 foam flooding for 

various epoil values. As depicted in the figure, increasing the epoil value led to earlier gas 

breakthrough and higher GOR. For the case with a low epoil value of 1, stronger foam was 

generated due to reduced oil saturation, resulting in good foam stability. However, as epoil 

increases, the strength of the foam decreases more rapidly. The oil recovery efficiency of 

CO2 foam flooding for different epoil values is shown in Figure 5-19. The highest oil 
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recovery was achieved at low epoil values, indicating better mobility control when epoil is 

lower. 

Figure 5-18. Gas-oil ratio at various epoil values. 

Figure 5-19. Oil recovery at various epoil values. 

 

Overall, the mobility efficiency of CO2 foam flooding is strongly influenced by crude 

oil properties. CO2 foam flooding demonstrates better mobility control efficiency at higher 

fmoil values and lower epoil values. This highlights the importance of oil-foam interactions 

when studying the performance of CO2 foam flooding in oil recovery. 
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5.3 Summary 

This chapter has focused on reservoir-scale simulations to enhance understanding of 

the oil recovery performance of CO2 foam flooding. The numerical results indicate that CO2 

foam effectively reduces CO2 mobility, resulting in improved sweep efficiency, and 

consequently, a higher rate of oil recovery.   

 A comparison of the different gas injections, namely methane, carbon dioxide, 

and sour gas, revealed that CO2 flooding exhibited the highest oil recovery 

performance. The higher density and viscosity of CO2 under reservoir conditions are 

the factors contributing to a more efficient oil displacement compared to other gases.  

 The injection of CO2 into a homogeneous 2D reservoir led to uniform oil 

displacement. However, in the heterogeneous reservoir, the injected CO2 

preferentially flowed through high-permeability areas, leading to early gas 

breakthrough and poor sweep efficiency. As a result, oil recovery following CO2 

flooding was significantly lower in the heterogeneous reservoir compared to the 

homogeneous one, highlighting the need for CO2 mobility control methods, such as 

foam flooding. 

 A comparison of CO2 flooding, the co-injection of CO2 and brine, and CO2 foam 

flooding was conducted using a 2D heterogeneous reservoir model. CO2 foam 

flooding effectively reduced CO2 mobility, delaying gas breakthrough and improving 

vertical sweep efficiency. As a result, CO2 foam flooding achieved the highest oil 

recovery, outperforming both CO2 flooding and the co-injection of CO2 and brine. 

 The use of a 3D heterogeneous reservoir model further demonstrated the 

efficiency of CO2 foam flooding in controlling CO2 mobility and enhancing both 

areal and vertical sweep efficiency. In comparison to CO2 flooding and the co-

injection of CO2 and brine, CO2 foam demonstrated a higher oil recovery 

performance.  

 The strength and stability of CO2 foam highly depend on oil-foam interactions, 

represented by fmoil and epoil values. When CO2 is less sensitive to oil, fmoil value 

is high, indicating greater foam stability. In contrast, a low fmoil value suggests the 

fast decay of foam upon contact with oil. CO2 foam demonstrated better performance 

when the epoil value was low. 
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In conclusion, the simulations underscore the advantages of CO2 foam flooding in 

enhancing oil recovery, particularly in heterogeneous reservoirs. The ability of CO2 foam to 

control CO2 mobility and improve sweep efficiency highlights its potential for future 

applications in enhanced oil recovery. 
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CHAPTER 6. Conclusions and future works 

6.1 Conclusions 

This thesis presents experimental findings on the performance of surfactant and 

surfactant-nanoparticle-stabilized CO2 foams as an enhanced oil recovery method. Key 

parameters such as foam stability, foamability in the absence and presence of oil, foam-oil 

interactions, foam boosting performance of nanoparticles, and the enhanced oil recovery 

capacity of foam generated in porous media were investigated through bulk static tests and 

core flooding dynamic experiments under various pressure and temperature conditions. 

Specifically, alpha-olefin sulfonate (AOS) surfactant and the combination of AOS with 

silicon oxide (SiO2) nanoparticles were tested as a foaming agent for CO2 foam. 

Additionally, numerical reservoir models were developed based on experimental results to 

evaluate the foam’s ability to reduce CO2 mobility and assess the impact of oil-foam 

interactions. The following points highlight the key findings of this research: 

Bulk foam screening tests: 

In this thesis, bulk tests were carried out to evaluate the foamability and stability of 

foaming solutions at various surfactant concentrations, temperature conditions, the presence 

and absence of nanoparticles as well as crude oil. 

 Increasing the AOS concentration from 0.1 wt% to 1 wt% had minimal effect on 

the observed foam volume and half-life at ambient conditions. These concentrations were 

well above the critical micelle concentration for AOS, beyond which the surfactant forms a 

double layer and surface activity plateaus, limiting further foam stability improvements. 

Moreover, there are no additional available sites at the gas-liquid interface for surfactant 

molecules to adsorb. Consequently, increasing the surfactant concentration in this 

experiment did not lead to an improvement in surface activity and foam stability as a result. 

 In bulk foam tests, stability of foam declined as the temperature rose. For a 0.5 

wt% AOS solution, the foam half-life dropped from approximately 270 secs to 100 secs as 

the temperature increased from 20℃ to 80℃. This decline in stability is due to increased 

molecular motion at higher temperatures, which accelerates the coalescence and collapse of 

foam bubbles. Additionally, foam behavior showed minimal sensitivity to salinity, as the 

salinity of tested brine solutions was relatively low, ranging from 0 to 13,000 ppm.    
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 The presence of nanoparticles slightly improved the stability of surfactant-

stabilized CO2 foam in bulk tests conducted at ambient conditions. This improvement is 

attributed to nanoparticles ability to adsorb at the gas-water interface, enhancing film 

strength and reducing coalescence. Moreover, nanoparticles helped to reduce liquid drainage 

due to gravity, which is one of the key reasons for foam destabilization during bulk tests. 

 The presence of oil during the bulk tests accelerated the degradation of CO2 foam, 

significantly reducing its stability.  In this study, the effect of foam was more pronounced at 

higher oil concentrations. Increasing oil concentration from 0 to 5% halved the stability of 

foam stabilized with a 0.5 wt% AOS solution. The measurement of IFT in oil-CO2-surfactant 

solution system demonstrated positive entering, bridging and spreading coefficients, 

indicating that oil enters the lamellae and spreads across it, leading to foam destabilization. 

These observations suggest that crude oil decreases foam stability, aligning with the findings 

from bulk tests. 

Foam dynamic experiments in the absence of oil: 

 The foam's apparent viscosity increased as the gas fractional flow increased, 

reaching a 70% transition point. The apparent viscosity of the foam decreased above the 

transition point. This supports the concept of a critical capillary pressure for foam instability.  

 In the absence of oil, temperature negatively impacted the behavior of foam 

transport in porous media. Beyond a certain point, foam strength and stability drastically 

declined as reservoir temperature rose, limiting effectiveness at or above 80ºC. 

 Pressure drop across cores increased with increasing AOS concentration during 

foam flooding tests. This effect became more apparent after a sufficient volume of the 

surfactant was injected. This is crucial for meeting the minimal chemical requirement. 

 Foam stabilized with 0.05 wt% SiO2 and 0.5 wt% AOS exhibited higher apparent 

viscosity, approximately 31 cp at elevated temperature, in porous media compared to the 

foam stabilized with surfactant only, which had the viscosity of 20 cp. The apparent viscosity 

of CO₂ foam stabilized with a mixture of surfactant and nanoparticles reached 80 cP, whereas 

the surfactant-stabilized foam exhibited a viscosity of 29 cP in porous media as the 

temperature decreased from 80 °C to 40 °C. This highlights the detrimental effect of elevated 

temperature on foam stability. Overall, experiments conducted at both elevated and low 
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temperatures demonstrate that the presence of nanoparticles reinforces the foam’s thin films, 

preventing collapse and coalescence. 

 The combination of nanoparticles and surfactants showed greater stability in 

porous media at 40°C after foam injection stopped, compared to surfactant alone. This 

improved foam stability helped maintain better control of CO2 mobility for a longer period 

when nanoparticles were present, even after foam injection ceased. 

Dual-core experiments:  

 In double core experiments, approximately 60-70% of injected water was 

produced from the higher permeability core under a weak heterogeneity environment 

(Vk=2). However, after  surfactant-stabilized CO2 foam injection, flow was effectively 

diverted, increasing the division ratio in the lower permeability core from 30 to 80%. This 

indicates that the foam blocked some high-permeability core areas, diverting the fluid into 

the lower permeability core, thus improving the sweep efficiency. However, when foam 

injection ceased, the division ratio for the higher permeability core sharply increased, 

highlighting the low foam stability of foam in the porous media. 

 In the case of severe heterogeneity (Vk = 8), almost all of the injected water was 

produced from the higher permeability core. After initiating the injection of surfactant-

nanoparticles-stabilized CO2 foam, the division ratio in the lower permeability core 

gradually increased to 70-80%, demonstrating the effectiveness of foam to divert flow in 

porous media. However, similar to the previous experiment, the division ratio in the high 

permeability core showed a rapid increase as foam injection ceased. 

 Comparing the pressure drop observed in both experiments revealed that foam 

stabilized with nanoparticles demonstrated stronger generation and stability than foam 

stabilized with surfactant alone, highlighting the benefits of nanoparticles in enhancing foam 

stability.  

Oil recovery experiments: 

 Oil recovery experiments conducted at both elevated and low temperatures 

demonstrated better foam performance in the presence of nanoparticles compared to their 

absence. At elevated reservoir temperature (80℃), surfactant-nanoparticle-stabilized CO2 

foam flooding resulted in an additional 12.1% OOIP recovery compared to 8.9% OOIP 

recovered by surfactant-stabilized CO2 foam after extensive water and CO2 flooding. At low 
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temperature (40℃), the incremental oil recovery in the presence of nanoparticles reached 

19.7% of OOIP, while approximately 14.7% OOIP was recovered without them. Both 

experiments demonstrated that the addition of nanoparticles enhanced oil recovery of 

surfactant-stabilized CO2 foam by strengthening thin liquid film, reducing the liquid 

drainage, and producing stronger foam in porous media.  

 At elevated temperature, the pressure drop during surfactant-stabilized CO2 foam 

flooding was 20 psi with nanoparticles and 10 psi without. At low temperature, pressure drop 

in the absence of nanoparticles gradually increased and reached around 70 psi, while the 

addition of nanoparticles led to 180 psi, indicating the contribution of nanoparticles in 

generating stronger and more stable foam.  

Numerical simulation 

 In a 2D homogeneous reservoir model, CO2 flooding achieved 76% OOIP oil 

recovery, significantly outperforming ethane (60%) or sour gas injection (61%). However, 

oil recovery efficiency of CO2 flooding dropped to 52.5% in a heterogeneous reservoir 

model due to early gas breakthrough and gas channeling, which reduced sweep efficiency.  

 In a 3D heterogeneous reservoir model, CO2 foam flooding recovered 50.9% 

OOIP, significantly higher than CO2 flooding (43.8%) and the co-injection of CO2 and brine 

(47.9%). Overall, the results demonstrate that CO2 foam is more effective at mitigating CO2 

mobility issues, leading to higher oil recovery.  

6.2 Novelty of the study 

CO₂ foam flooding has shown great potential for improving sweep efficiency and 

controlling mobility in carbonate reservoirs. However, optimizing foam stability and 

performance remains a challenge, particularly when considering local reservoir conditions 

and available injection fluids. This study addresses these challenges by exploring the use of 

surfactant–nanoparticle-stabilized CO₂ foams in the context of Kazakhstani carbonate oil 

fields, with a focus on practical injection media and advanced stabilization mechanisms. The 

main contributions of this work are summarized as follows: 

 This study introduces a novel investigation into surfactant–nanoparticle-

stabilized CO₂ foam, tested in both homogeneous and heterogeneous porous media under 
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elevated temperature and pressure conditions, simulating the reservoir conditions of deep 

Kazakhstani carbonate oil fields. 

 Caspian Sea water was employed as the injection medium for CO2 foam flooding, 

providing new insights into its impact on foam behavior and its potential suitability for future 

enhanced oil recovery projects in the region. 

 The research enhances understanding of the synergistic stabilization effects 

between SiO₂ nanoparticles and AOS surfactant. Systematic evaluation demonstrated 

improved foam stability, enhanced oil recovery, and increased flow diversion capacity. 

 

Lessons learned: 

Based on the experimental work conducted in this study, several important 

observations and lessons were identified: 

 CO2 exhibits high solubility in brine, which leads to rapid foam bubble collapse; 

thus, it was difficult to obtain long-time stable foam [184]. In this study, the half-life time of 

CO2 foam ranged from 200 to 300 seconds, making it complicated to analyze foam bubble 

behavior due to rapid decay. The use of a simple experimental setup and potentially 

unsuitable porous frit for bulk tests possibly may accelerate foam degradation. As a result, 

some bulk test outcomes did not align with trends reported in the previous literature [6, 117]. 

 Zeta potential measurements and visual observations indicated low stability of 

SiO2 nanoparticles, especially at high concentrations, in the brine used in this study. 

Consequently, a low (0.05 wt%) concentration of nanoparticles was selected for foam 

experiments in porous media, conducted at elevated pressure and temperature conditions. 

However, the coreflood system required approximately four hours to reach thermal 

equilibrium, during which time the stability of the nanoparticle solution may have 

deteriorated, leading to precipitation. Evidence of precipitation included a sharp increase in 

pressure drop across the core during CO2 foam flooding and visible white deposits on the 

inlet plug of the core holder. For this reason, it is important to investigate the long-time 

stability of nanoparticles under elevated temperature conditions.   

 In foam dynamic experiments, higher-pressure drop observed in the presence of 

nanoparticles compared to its absence may not necessarily indicate improved foam strength. 

It is possible that these increases were due to nanoparticle precipitation, which may block 
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flow paths in porous media. Therefore, selecting thermally compatible nanoparticles is 

critical for foam flooding applications in porous media.  

 Both the AOS surfactant and SiO2 nanoparticles used in this study exhibit 

negative surface charge, while carbonate rock surfaces are positively charged. Electrostatic 

attraction between these oppositely charged components can result in the adsorption of 

foaming agents onto rock surfaces, leading to significant loss of active agents within the 

porous medium. In several of the foam dynamic tests, particularly at elevated temperature, 

very weak foam was observed. One of the possible reasons, except for elevated temperature, 

was insufficient presence of foaming agent in porous media due to adsorption. As a result, 

discussing foam behavior in porous media was complicated due to the unknown degree of 

foaming agent loss. For this reason, it is crucial to use compatible foaming agents.  

 In oil recovery experiments, CO2 flooding prior to foam injection may have 

influenced foam performance. CO2 dissolution in oil and mixing during CO2 flooding may 

have affected the subsequent foam flooding process.  As a result, it was challenging to 

determine whether observed incremental oil recovery during CO2 foam flooding was due to 

reduced CO2 mobility by foam or simply due to CO2-oil interaction, which could enhance 

oil displacement. 

6.3 Future works 

This dissertation demonstrates the potential of combining surfactants with 

nanoparticles to improve the stability of CO2 foam for enhancing oil recovery. However, 

some uncertainties were present in the experimental results due to limitations of 

experimental equipment:  

 The experimental setup used for bulk tests included a gas flow meter that was 

calibrated for N2 rather than CO2. Furthermore, the porous frit used to generate foam 

had pores with various radii, causing non-uniform foam formation on its surface, 

potentially affecting foamability. To address these challenges, it is recommended to 

repeat bulk static tests using a commercially available foam analyzer equipped with 

a calibrated gas flow meter, an automatic data acquisition system, and a heating oven 

for more accurate foam volume and stability measurements. 



135 
 

 In this thesis, the efficiency of CO2 foam flooding in diverting flow within a 

heterogeneous environment was investigated by conducting dual-core experiments 

at ambient conditions and in the absence of oil. However, to ensure the reliability of 

CO2 foam flooding, further research is needed to consider high-temperature and 

high-pressure reservoir conditions and oil-foam interactions in heterogeneous 

environments. 

 The reaction of CO2 with water forms carbonic acid, which may dissolve 

carbonate minerals in a core, potentially creating flow fingers and altering the rock’s 

properties. This may affect foam generation and propagation; thus, it is important to 

understand the scale of carbonate mineral dissolution during CO2 foam flooding. To 

address this problem, further research using X-ray computed tomography (CT) is 

recommended to visualize the alteration of rock properties. 

 Rock wettability is another critical factor influencing foam stability, as it affects 

fluid flow and foam behavior under different wettability conditions. In this thesis, 

core flooding experiments were conducted using only water-wet cores and a single 

oil, while most carbonate reservoirs are typically oil-wet or mixed-wet wettability 

[185]. There are two contradictory theories among researchers regarding the effect 

of wettability on foam stability. One group of researchers argues that water-wet 

conditions are favorable for successful foam performance [112], while others suggest 

that stable foam can be generated in oil-wet porous media due to wettability alteration 

from hydrophobic to hydrophilic conditions [187]. However, either surfactants or 

nanoparticles have been used to study the effect of wettability on foam stability. 

Therefore, further studies are required to evaluate the impact of rock wettability on 

nanoparticle-surfactant stabilized foam stability.  

 Certain assumptions were made in reservoir simulations, such as homogeneous 

porosity, constant well parameters, uniform grid size, and a small reservoir sector 

model. However, these assumptions can lead to errors and uncertainties in the results; 

therefore, future studies should incorporate real field data such as rock property, field 

conditions, field history, well spacing and controls to construct a more accurate 

reservoir model and validate it properly against experimental results.  
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B. Surfactant datasheet 
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C. Nanoparticles (SiO2) oxide size measurement 
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D. Characteristics of Aflas O-Rings 

 

 

 

 


